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Abstract 
 
Investigation of Gas Slippage Effect and Geomechanical Effect on Gas Production Prediction 
and Hydraulic Fracture Design – A Case Study of Marcellus Shale 
 
Courtney L Rubin 
 
Shale reservoirs play an increasingly important role in energy supply worldwide. Horizontal 
wells and hydraulic fracturing have created a new mandate for a better understanding of the resulted 
production amounts from these shale reservoirs. A parametric study, based on Marcellus shale 
laboratory Precision Petrophysical Analysis Laboratory (PPAL) experimental data, and reservoir 
simulation is conducted to understand the effects of gas slippage effect and the geomechanical effects 
on gas production prediction and completion design. Therefore by analyzing the critical conductivity 
of a reservoir prior to production it is possible to design a fracture treatment (i.e. proppant pumping 
strategy) which will have positive impacts on the well performance and increased ROFI (Return on 
Fracturing Investment). The study is conducted for three shale reservoir scenarios; non-naturally 
fractured reservoir, low permeable naturally fractured reservoir, and high permeable naturally 
fractured reservoir. 
In this study, we perform a comprehensive parametric study by running reservoir simulations 
using empirical permeability correlations developed by means of steady-state permeability data 
obtained under varying stress and pore pressure conditions. The full correlation incorporates both 
the gas slippage effect and the geomechanic effect. The contrast correlations consider either one of 
the effects or no effects at all. A simulation of the fluid flow in the hydraulic fracture and matrix are 
performed by a three-dimensional finite-difference based reservoir model. The primary and natural 
fractures are modeled explicitly as discrete grid blocks. Additionally, we study the impact of the two 
matrix permeability effects on the critical conductivity results for different bottomhole pressures, 
propped fracture lengths, and fracture half spacings. A similar study is also performed for the 
naturally fractured shale reservoir scenario. The impacts of the slippage effect (matrix) and the 
geomechanical effects (matrix & natural fracture) are investigated in the same way. Furthermore, an 
analysis of the geomechanical effect in just the natural fractures is performed, and finally an 
economic analysis based on the overlying trends from the study is implemented.  
The following are key results found throughout the study. First, the gas slippage effect 
(matrix) appears to play a significant role at lower pore pressures below 1000 psi, and the 
geomechanical effect (matrix) is significant throughout all pressure levels (250-4500 psi) for the 
Marcellus Shale sample. Since most production pressure never goes below 1000 psi, it is apparent 
that the pore pressure effect is negligible. For the production prediction study the following results 
were determined for all three reservoir types (non-naturally fractured reservoir, low permeable 
naturally fractured reservoir, and high permeable naturally fractured reservoir). If the geomechanical 
effect (matrix) is ignored than production will be overestimated 2.3 to 14% from 1 to 20 years. If the 
pore pressure effect (matrix) is ignored the results are negligible (0.3 to 0.9% underestimation) from 
1 to 20 years. In terms of the natural fracture study with low permeability (9.6228 mD), if the 
geomechanical effect (NF) is ignored than production will be overestimated 232.2 to 91.3% from 1 
to 20 year study for low conductive natural fractures (<10 mD-ft.). Lastly, for natural fracture with 
high permeability (96228.85609 mD), if the geomechanical effect (NF) is ignored the results are 
negligible (9.8 to 2.0% overestimation) for natural fracture conductivity values above 10 mD-ft. For 
the critical conductivity results based on the nine parametric studies for each scenario, the relative 
overestimation error is from 5-13% to 8-20% for non-natraully fractured case, from 1-5% to 2-12% 
for naturally fractured reservoir with low natural fracture permeability, and from 5-11% to 15-26% 
for naturally fractured reservoir with high natural fracture permeability. Similar results were 
reflected in the excess proppant pumping costs calculated for ignoring the permeability effects.  
The case study illustrates that that natural fracture geomechanical effect is more significant 
than the matrix pore pressure effect and matrix geomechanical effect. Therefore, for low 
permeability shale reservoirs (with an intrinsic permeability as low as 100 nD), the lab 
characterization of the natural fracture geomechanical effect should be crucial for accurate reservoir 
production and modeling. Furthermore, based on this matrix permeability study it can be presumed 
that by increasing the matrix perm 5 to 10 times would directly increase the influence of 
overestimation by a similar amount. Therefore this study is highly dependent on the lab 
characterization from the PPAL experimental data. Also, it is important to determine critical 
conductivity and proper proppant amounts for optimum hydraulic fracturing treatment. Such 
overestimations found throughout this study can lead to an over-design of the proppant pumping 
amount, causing early staging or screening-out. This study enables operators and engineers to 
develop a better understanding of the effects of gas slippage and geomechanics on shale gas well 
performance, and provides insights for optimization of hydraulic fracturing treatment design for 
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Chapter 1 - Introduction 
 
Recent advances in horizontal drilling and hydraulic fracturing have enabled economic 
production from shale and tight reservoirs. With the development of unconventional shale gas 
reservoirs, production prediction and frac design have become important aspects of well planning 
and economic analysis. Well productivity in such low-permeability reservoirs is highly contingent 
on the stimulation effectiveness. Therefore a better understanding of reservoir conditions, 
permeability effects, and completion parameters has become an integral part of the development of 
tight reservoirs. The objective of this study is to introduce an empirical model to account for the 
influence of gas slippage and the confining pressure on gas flow and resulted production amounts in 
shale reservoirs. This modeling study also characterizes these permeability effects and their influence 
on critical conductivity determination and completion design.  
This study utilizes previous Precision Petrophysical Analysis Laboratory (PPAL) 
experimental data performed by Zamirian (2015). Previous permeability measurement techniques 
have several challenges and limitations that this system is designed to overcome. By utilizing our 
own lab data, this paper proposes to determine the influence of the geomechanic effect and pore 
pressure effect on the production prediction amount. Also, to account for pore pressure effect, instead 
of the conventional Klinkenberg gas slippage model, a double-slippage model was utilized. 
Furthermore, the critical conductivity study is based on the concept that beyond a certain value of 
the relative conductivity, the productivity does not increase further (Gu, 2013). 
 In reference to the reservoir model utilized in CMG, a simulation of the fluid flow in the 
hydraulic fracture and matrix are performed by a three-dimensional finite-difference based 
reservoir model. The logarithmic-local-grid-refinement (LLGR) strategy (Cipolla et al., 2009a) is 
applied to fracture blocks to accurately simulate the transient flow behavior from low 
permeability matrix zone to high permeability fracture conduits. Also, in our natural fracture 
study our model is more similar to the second model in Cipolla et al. (2008) as different 
conductivities for the primary fracture and natural fracture are assumed, unlike the model used in 
Mayerhofer et al. (2006) and Warpinski et al. (2008), and the first model in Cipolla et al. (2008) 
which assume uniform fracture conductivity throughout fracture networks. Also, our model does 




Chapter 2 - Approach & Methodology 
2.1 Precision Petrophysical Analysis Laboratory (PPAL) 
 
To investigate the influence of gas slippage and the confining pressure on gas flow and 
resulted production amounts, lab data of matrix permeability and gas desorption was analyzed. 
According to Zamirian (2015), a study was conducted to obtain steady-state permeability 
measurements through a laboratory set-up, referred to as Precision Petrophysical Analysis 
Laboratory (PPAL). This new method was designed in order to obtain more accurate and repeatable 
measurements of the rich organic shale petrophysical properties including porosity, permeability and 
sorption characteristics under reservoir stress conditions (Zamirian et al., 2015). Figure 1 depicts the 
schematic of the PPAL laboratory set-up. The permeability of the core sample is measured by 
introducing a pressure difference across the core sample to allow gas to flow. Gas flows from the 
upstream tank, through the core, and into the small downstream line. Once pressure builds up, the 
pressure difference between the line and the downstream pressure is measured by an ultra-precise 
differential-pressure transducer. Tests are repeated at least 50 times to ensure the flow rate is stable. 
The data acquisition system records the pressure buildup in the line over time and the software uses 
the results to determine the flow rate accurately down to 10-6 cm3/sec. The sample undergoes various 
set conditions including varying temperatures, confining pressures, and pore pressures. The 
permeability is then calculated utilizing Darcy’s equation (Zamirian et al., 2014). Therefore 
permeability is calculated using PPAL in a closed loop system, while porosity can also be calculated 
differently using an open loop system.  
This new technique was proposed in order to enhance limitations of unsteady state methods 
like the GRI technique. Even though this method is commonly used due to its efficient and 
inexpensive design, the experiments cannot be performed under confining stress since crushed rock 
samples must be used in this method (Zamirian et al., 2014). Also inconsistent measurements results 
obtained from different laboratories using the GRI technique have led to some controversy 
(Sondergled et al., 2010). These inconsistencies have been suggested to relate to the different sample 
crushing sizes, equilibrium pressures and ratio of the sample to the cell volume (Tinni et al., 2012). 
Another commonly used method for permeability measurements in tight rocks is the pulse 
decay technique. Unlike the GRI technique, the pulse decay method can be performed under 
confining stress and can also be more time consuming. The method requires accurate pore volume 
and pore compressibility measurements in addition to a correction for adsorption, similarly to the 
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GRI technique (Zamirian et al., 2014). Another drawback is that the permeability measurements can 
not be corrected using either the gas slippage correction (Klinkenberg, 1941) or the gas double-
slippage correction (Fathi et al., 2012).  
Based on these limitations and disadvantages of prior methods, the PPAL laboratory system 
introduces a robust and accurate technique for steady-state permeability and porosity measurements 
in ultra-low permeability shale core samples (Zamirian et al., 2014). This laboratory set-up is fully 
automated and enclosed to eliminate human error and maintain a stable temperature. It has a 
resolution of one nano-darcy for permeability readings and one-hundredth cubic centimeters for pore 
volume measurements. It also operates under in-situ conditions by maintaining isothermal conditions 
and the application of the confining stress on the core sample. Klinkenberg and modified 
Klinkenberg methods can also be applied to the measurements to evaluate the absolute permeability. 
Lastly, this technique can examine the permeability hysteresis for adsorption and desorption 
processes (Zamirian et al., 2014). 
 
 
Figure 1: Schematic of PPAL (Zamirian, 2015)   
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2.2 Application of the Modified Klinkenberg Equation (Double-Slippage Correction) 
 
According to the study conducted by Zamirian (2015), a Marcellus shale sample with 0.8% 
TOC was acquired and various experiments were performed. In order to find the relation between 
absolute permeability and the net stress, 50 sets of experiments were done on the sample. The 
experiments consisted of applying five different average gas pressures ranging from 150 to 350 psia 
at ten different net stress pressures ranging from 500 to 8,000 psia using Nitrogen as the gas type. 
The absolute permeability can then be calculated at that net stress condition by changing the gas 
pressure at 5 steps and keeping the net stress constant. The 5 average pore pressure measurements at 
10 different net stress conditions are then repeated in order to obtain a complete profile of absolute 
permeability at a wide range of stresses (Zamirian, 2015). The double-slippage correction is then 
applied.  
The double-slip permeability concept and the modified Klinkenberg theory eliminate some 
of the uncertainties associated with the laboratory measurement of permeability (Fathi et al., 2012). 
Klinkenberg demonstrated that the permeability of porous media to gases is a linear function of the 
reciprocal mean pressure (Klinkenberg, 1941): 
1 )…………………………………………………………...…………………(1) 
where is the apparent permeability,  is the liquid permeability,  is the slope of Klinkenberg 
straight line, and  is the pore pressure. Klinkenberg’s theory considers the gas slippage 
phenomenon, which is the momentum carried by the gas molecules hitting the pore walls. The 
researcher validated his equation using samples with permeability in the order of milli-darcy (mD). 
Typically the gas slippage effect causes an increase in permeability at reduced pore pressures in tight 
rocks. In rocks with very small pores, the mean free path of a gas molecule is equal to or greater than 
the size of a pore throat, and interactions between the gas molecules and the pore walls actually help 
move the gas molecules forward in the direction of flow (Sampath & Keighin, 1982). At lower gas 
pressures, the molecules collide less frequently with one another and the effect is enhanced. This 
effect is insignificant in conventional reservoir rocks with large pores, but it is real and measurable 
in low-permeability porous media and must be accounted for when handling the data (Soeder, 1988). 
However, this relationship fails to work in formations with even lower permeability measurements 
in the nano-darcy range (Zamirian, 2015). It also does not account for the momentum that gas 
molecules can carry to the bulk fluid (Fathi et al., 2012). Fathi et al. (2012) proposed a new correction 
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to the Klinkenberg slip theory for gas flow in nano-capillaires known as the double-slippage 
correction or modified Klinkenberg equation: 
1 ……………………………………………………………..…(2) 
where  is the length scale associated with the kinetic energy of the bouncing-back molecules and 
 is the mean free path. This double-slippage effect can lead to measured permeability values that 
are higher than those predicted by Klinkenberg theory at low pressures (Zamirian, 2015). Results of 
absolute permeability measurements after double-slippage correction can be found in Figure 2. This 











2.3 Modeling of Gas Slippage and Geomechanical Effects for the Shale Gas Flow 
 
It is important to discuss why the gas slippage and geomechanical effects are significant for 
shale reservoirs in contrast to the conventional reservoirs. Compared to conventional reservoirs 
where porosity is typically between 15% and 35%, and absolute permeability ranges from 10 mD to 
10 D, shale has a very low porosity (<15%) and low permeability (10 nD to 10µD) (Ambrose et al., 
2010). Therefore the fundamentals of fluid flow in shale reservoirs are vastly different from 
conventional sandstone reservoirs. The continuity equation to describe gas flow in porous media 
under the isotherm condition assuming negligible gas gravity and source terms was introduced by 
Dake in 1978: 
∅
∙ 0……………………………….…………………………..….(3) 
where is gas density, ∅ is rock porosity,  is reservoir permeability, and  is gas viscosity. 
However, the governing flow equation for sandstone does not adequately describe fluid flow in 
unconventional shale reservoirs due to its new features like slip/transition flow regimes, gas 
desorption/adsorption, gas diffusion, geomechanical effect, and non-darcy flow in induced/natural 
fractures. The continuity equation for conventional gas transport (Eq. 3) is modified by coupling 
different gas transport mechanisms. For example, the permeability, k, in the equation is modified to 
be apparent permeability to account for different flow regimes.  
The gas flow regimes can also be characterized by Knudsen number, which is the 
dimensionless ratio of mean free path of molecules to the characteristic length of the system: 
…………………………………………………………………………………………(4) 
where  is the mean free path of the molecules, and  is a characteristic length of the body in 
question. Based on some research studies, Marcellus shale gas reservoirs typically have about 10 nD 
– 1000 nD permeability. Since most shale reservoirs have pore sizes ranging in the nanodarcy scale, 
their Knudsen number (Kn) ranges from 0.006 to 0.365 for pore pressures ranging from 1000 to 
6000 psi, which is defined as the slip/transition flow regime as seen in Figure 3. The following 






As discussed earlier the Klinkenberg effect and double-slippage correction were adopted to account 
for the higher influence of the slippage effect in these nano-capillary pore sizes found in shale. 
Therefore they would typically fall under the slip-flow area based on flow regimes defined by 
Knudsen Number. This classification correlates with the results from marking the flow regimes on 
the Kn vs Pressure chart (Figure 4). Results from the chart characterize the smaller sized pore types 
as mostly slip-flow especially under higher pressure, which is also characteristic of the Marcellus  
Shale. This figure also depicts the combination of numerous flow regimes involved for each curve. 
In other words, there is more than one flow regime occurring as pressure decreases, which would 
occur during production of a reservoir. Therefore only one flow regime does not adequately describe 
the phenomenon effectively and the use of the double-slippage correction proves more necessary. 
The geomechanical effect is a result of overburden stress (confining pressure) and the net 
stress effect. Net pressure is calculated by the following equation: 
	 	 ………………………………………………..(6) 
which is utilized throughout the study and in future equations. There is also a biot coefficient of 1 
being assumed and multiplied to the pore pressure. This value typically ranges from 0.7 to 1 for 
different rock types, and therefore 1 was chosen to allow maximum influence to the pore pressure 
and for simplification purposes. The geomechanical effect can be applied to both the matrix and 
natural fractures, therefore its effects are investigated for both as opposed to the pore pressure 
effect which only can be applied to the matrix of the rock. During production, as the reservoir is 
being produced the fluid in the rock is being depleted as pore pressure decreases which increases 
overburden stress. This increase in confining pressure ultimately decreases porosity and 
permeability in the matrix and natural fractures. Zamirian explained that to evaluate for the 
geomechanical effect was to only change the confining pressure during PPAL experiments (2015). 
Therefore to accurately predict production from a reservoir this geomechanical effect is important 
to consider and understand. Kim & Lee (2016) further explains the stress-dependent compaction 
role in shale gas reservoirs. They suggest that the conductivity of fracture network is sensitive to 
the change in stress and strain during production because natural fractures are weakly propped 
compared with hydraulic fractures. Figure 5 shows the experimental results measuring 
permeability with respect to effective confining pressure (Dong et al., 2010). Therefore, 
geomechanical effects during production must be included to simulate the stress-dependent effects 
of shale gas reservoirs.  
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In order to study these two effects, an empirical correlation was determined and applied to 
the reservoir model. Based on Figure 2, a relation was made between the experimental data and the 
two permeability effects being studied. Based on the data from Figure 2 and the linear equation, 
, a correlation between the slope of the net pressures and the intrinsic permeability values 
obtained from the y-intercepts was determined: 
∗ …………………………………………...(7) 
where  is apparent permeability in nanodarcy (nD),  is the net pressure in psi, and  
is the average pore pressure of the shale reservoir in psi. The intrinsic permeability and net pressure 
data were further analyzed and two plots were combined using Equation 7. Figure 6 plots the effect 
of net pressure over intrinsic permeability and Figure 7 shows the effect of net pressure over slope. 
Both effects displaced a logarithmic relationship. Figure 6 displays the reduction of permeability 
versus increasing net stress and Figure 7 displays the decrease in slope versus increasing net stress, 
both of these plots illustrate that slope and the y-intercept act as functions of the geomechanical 
effect.  
By combining the two effects, based on the double slippage correction factor for shale, the 
following equation was determined in nanodarcy (nD) units: 
1.12 ln 12.68 ∗ 10 ∗ 17.76 ln 206.35 ……...……(8) 
where  is apparent permeability,  is net pressure in psi, and  is the pore pressure 
in psi. Eq. 6 was then utilized in order to study each permeability effect. In order to study the well 
productivity over 20 years, a range of pore pressures were selected beginning at the initial pore 
pressure of 4500 psi and decreasing to 250 psi in 250 psi increments. This decreasing pore pressures 
represent the possible pressure values a well will encounter during production as the reservoir is 
depleted. Results of the apparent permeability calculations in nD for each of the four model case 
scenarios can be found in Table 1.  
It is also important to discuss that Equation 8 does not just assume the matrix. Although it 
is referred to as the matrix throughout this macroscale study, this empirical correlation also includes 
the natural fracture nanoscale fissures that are present in the core plug. Zamirian (2015) illustrates in 
Figure 8 that the results plotted using Walsh’s theorem implies the fracture closure pressure 
decreases as the sequential series of the stress that sample has gone under increases. Walsh’s theorem 
is a routine procedure to check the status of fractures as being closed or open by plotting /  vs 
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 where  is the measured permeability at  confining pressure (net stress) and  is the 
permeability at lowest confining pressure . 
 
Figure 3: Knudsen number scale with defined flow regimes (Roy et al., 2003) 
 
 
























5625  250  5375  81.81403939  158.5587929  53.95133246  102.7561457 
5625  500  5125  81.81403939  100.8220279  54.79984086  67.09845972 
5625  750  4875  81.81403939  90.13003435  55.69079193  61.16824798 
5625  1000  4625  81.81403939  86.38783662  56.62865629  59.69730645 
5625  1250  4375  81.81403939  84.65573367  57.61865034  59.56195768 
5625  1500  4125  81.81403939  83.71483824  58.66691201  59.99281824 
5625  1750  3875  81.81403939  83.14750797  59.78073147  60.73030195 
5625  2000  3625  81.81403939  82.7792888  60.96885889  61.67120341 
5625  2250  3375  81.81403939  82.52683896  62.24192239  62.7724337 
5625  2500  3125  81.81403939  82.34626307  63.61300709  64.01865701 
5625  2750  2875  81.81403939  82.21265733  65.09847619  65.41003159 
5625  3000  2625  81.81403939  82.11103921  66.71916649  66.9575877 
5625  3250  2375  81.81403939  82.03195642  68.5021842  68.68219738 
5625  3500  2125  81.81403939  81.96920664  70.48370322  70.6158986 
5625  3750  1875  81.81403939  81.91858332  72.71352324  72.80563582 
5625  4000  1625  81.81403939  81.87715185  75.26290893  75.32061902 
5625  4250  1375  81.81403939  81.84281446  78.23902901  78.26645993 
5625  4500  1125  81.81403939  81.81403939  81.81403939  81.81403939 

























































2.4 Reservoir Simulation Model 
 
In this paper, a comprehensive parametric study was conducted by using reservoir 
simulations (CMG). The study focused on low permeability shale gas unconventional reservoirs 
stimulated with horizontal drilling and multi stage fracturing. A simulation of the fluid flow in the 
primary hydraulic fracture and matrix are performed by a three-dimensional finite-difference based 
reservoir model. Figure 9 shows a schematic of the simulation domain. In the diagram only one 
fourth of the primary hydraulic fracture drainage area is included in the simulation domain, due to 
symmetry. The total well production can be calculated by using a multiplication factor of 4N, where 
N is the number of primary fractures. In this study the entire bi-wing planar multi-fracture drainage 
area is included in the simulation domain. The hydraulic fracture cells and matrix cells are modeled 
as discrete grid blocks. The logarithmic-local-grid-refinement (LLGR) strategy is applied to fracture 
blocks to accurately simulate the transient flow behavior between the low permeability matrix and 
the high permeability fracture channels (Gu et al., 2014). In our base model, the reservoir is assumed 
to be homogeneous with no natural fractures. However, it is known that the Marcellus is a naturally 
fractured shale reservoir and shale formations are not homogeneous (Neuhaus et al., 2012). This 
study begins with the simplified key assumptions for a single composition black oil model. An 
additional study will be discussed later in this paper to include the effects natural fractures have on 
permeability and resulted production amounts. 
 
 
Figure 9: Schematic of the computational domain for reservoir model showing one fourth of a single fracture drainage area (Gu, 
Kulkarni, Rafiee, & Ivarrud, 2014) 
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The current reservoir simulation model also takes into account the effect of gas desorption. 
The gas desorption effect is modeled using the Langmuir isotherm equation. The Langmuir isotherm 
(Type 1) is the most commonly applied adsorption model for shale gas reservoirs which is based on 
the assumption that there is a dynamic equilibrium at constant temperature and pressure between 
adsorbed and nonadsorbed gas (Langmuir, 1918). This model has two fitting parameters that are 
Langmuir pressure (  and Langmuir volume : 
…………………………………...………………………………….…….……(9) 
where  is the gas volume of adsorption at pressure p,  is the maximum gas volume of 
adsorption at the infinite pressure, and  is the pressure corresponding to one-half Langmuir 
volume. In order to calculate the two fitting parameters for our study a correlation was made to 
sample lab data. Yu et al. (2016) conducted an isotherm study that analyzed gas-adsorption 
laboratory measurements on four samples from the lower Marcellus Shale. Based on this lab data it 
was found that 150	 /  and 3000	  was a best fit for further analysis of the gas 
desorption effect. This correlation can be seen in Figure 10.  
 
 
Figure 10: Correlation between lab data and Langmuir isotherm model (modified from Yu & Sepehrnoori, 2013) 
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Even though the Langmuir isotherm is the most commonly applied adsorption model for 
shale gas reservoirs, the BET isotherm often occurs in a nonporous or a macroporous material. The 
BET isotherm (Type II) model is a generalization of the Langmuir model to multiple adsorbed layers. 
The standard BET isotherm assumes that the number of adsorption layers is infinite. Since multilayer 
sorption of natural gas should be expected on organic carbon surfaces, the Type II isotherm has 
shown to more accurately represent gas sorption effects in shale (Yu et al., 2016). Another important 
parameter affecting shale gas production is the non-Darcy flow within the induced hydraulic 
fractures.  
In CMG, the non-Darcy flow effect due to high gas flow rate and low gas viscosity in 
fractures is modeled for fracture grids and matrix grids separately with the Forchheimer equation 
(Gu, 2013). The non-Darcy factor is given by a correlation proposed by Evans and Civan (Evans & 
Civan, 1994) which presented a general correlation for the non-Darcy flow coefficient using a large 
variety of data from consolidated and unconsolidated media including the effects of multiphase flow 
and overburden stress. The regression line yielded the following general correlation: 
.
. ………………………………………………………………......…………...(10) 
where  is the non-Darcy Beta factor in ft-1,  is porosity,  is permeability in md with correlation 
coefficient R=0.974. Since this correlation is obtained from a large variety of porous media under 
different conditions, it is expected to provide a reasonable estimation for the β-coefficient. 
Equation 10 is implemented in the numerical model and used for accounting for the non-Darcy 
flow in hydraulic fractures.  
Once the apparent matrix permeability is calculated for each case scenario using Eq. 8 a 
permeability correction multiplier must be calculated which was then input into CMG to correct the 
permeability under the in-situ pore pressure condition. The correction multiplier is calculated by 
dividing each pore pressure step apparent permeability solution by the initial pore pressure apparent 
permeability calculation. Therefore each case scenario will have different permeability correction 
multipliers that will influence the well productivity. Table 2 shows the multiplier values that were 
input into the simulation model for evaluation. For example, for non-naturally fractured reservoir the 
initial permeability that the correction multiplier is applied to is 0.0000818 mD or 81.8 nD which is 
the matrix permeability with no effects at the initial pore pressure of 4500 psi calculated in Table 1 
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utilizing Eq. 8. Therefore for the pore pressure effect, the following equation was used to receive the 
first correction multiplier in Table 2: 158.5587929 nD / 81.81403939 nD = 1.938039. 
Based on Table 2, the results were then input into a .dat file and then ran in CMG to simulate 
the permeability effects of each case; no effects, pore pressure effect, geomechanical effect, and both 
effects. Each case has its own file and the correction multiplier is applied to the current permeability 
being studied; whether it be matrix or natural fracture given the reservoir scenario. The pore pressure 
values range from 250 to 4500 psi using a 250 psi pressure step. The simulator first calculates the 
pressure field and then uses the correction multiplier to adjust each time step and also interprets 
between the values. When a new permeability is applied to the input file the simulation updates the 




No Effect   Pp Effect   Pnet Effect   Both Effects  
250  1  1.938038925  0.659438562  1.255972037 
500  1  1.232331622  0.669809745  0.820133809 
750  1  1.101645085  0.680699698  0.747649773 
1000  1  1.055904797  0.692163065  0.729670688 
1250  1  1.034733578  0.704263605  0.728016342 
1500  1  1.023233162  0.717076341  0.733282682 
1750  1  1.016298775  0.730690379  0.742296828 
2000  1  1.01179809  0.745212672  0.753797317 
2250  1  1.008712436  0.760773125  0.76725748 
2500  1  1.006505285  0.777531675  0.78248987 
2750  1  1.004872244  0.795688328  0.79949642 
3000  1  1.003630182  0.815497768  0.818411952 
3250  1  1.002663565  0.83729131  0.839491582 
3500  1  1.001896585  0.861511102  0.863126905 
3750  1  1.001277824  0.888765838  0.889891715 
4000  1  1.000771414  0.919926574  0.920631955 
4250  1  1.000351713  0.956303216  0.9566385 
4500  1  1  1  1 
Table 2: Permeability correction multiplier results 
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The varying pressure field during production can be visualized in Figure 11 during a specific 
time step 2001-09-01 for the reservoir model. This figure is an example of a base case scenario for 
the natural fracture study that includes the following characteristics: 1000 md-ft. fracture 
conductivity, naturally fractured reservoir with high permeability, both pore pressure and 
geomechanical effects, 500 BHP, 700 ft. fracture length, and 300 ft. fracture half spacing. This figure 
also illustrates the layout for the fracture network and orientations of the reservoir model. The 
wellbore runs parallel to the minimum horizontal stress and the hydraulic fractures propagate 
perpendicular to the wellbore or parallel to maximum horizontal stress. The natural fracture network 
also is designed to run parallel to the wellbore, as to intersect the hydraulic fractures perpendicularly. 
Figure 12 and Figure 13 are other examples of the pressure field at the same time step but having 
different reservoir conditions. Figure 12 has the same conditions as Figure 11, however the 
permeability has been changed from high to low in the natural fracture system. Figure 13 has the 
same conditions as well, but it represents the non-naturally fractured scenario at the same time step 
with 1000 BHP and 200 ft. fracture half spacing.  
 
 




Figure 12: CMG 3D Results showing pressure variations during a specific time step 2001-09-01 
 
 
Figure 13: CMG 3D Results showing pressure variations during a specific time step 2001-09-01 
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2.5 Introduction of Parametric Study 
 
In order to study the influence of gas slippage and the confining pressure on gas flow and 
resulted production amounts a base model was built in order to be input into a reservoir simulation 
model. This base model was constructed using the generic parameter values of a Marcellus Shale 
well from several papers (Jacot et al., 2010; Thompson et al., 2011; Cohen et al. 2013). The reservoir 
and completion properties used for this study are listed in Table 3. Based on the experimental results 
from the PPAL experiments by Zamirian (2015), this paper will study the two permeability effects 
on estimated production predications in two main parts.  
In the first part, a base model was used to investigate the influence of gas slippage (pore 
pressure effect) and the confining pressure (geomechanical effect) on gas flow and the resulting 
production prediction in a homogenous, non-naturally fractured reservoir. The second part is to study 
the two effects, pore pressure and geomechanical, on the critical conductivity results for different 
bottomhole pressures, propped fracture lengths, and fracture half spacings in the same homogenous, 
non-naturally fractured reservoir. Furthermore a comparison will be made utilizing a naturally 
fractured shale reservoir model with a low permeability and high permeability analysis. Therefore 
three scenarios will be implemented for each of the two parts of this study; no natural fracture, natural 
fracture with low permeability, and natural fracture with high permeability. Throughout this study 
the term “natural fracture” is always referring to the secondary induced natural fractures that are 















Table 3: Base case non-natural fracture reservoir properties 
The study of part two originates from the known idea that hydraulic fracturing is a stimulation 
to create high conductivity conduits between wellbores and ultra-low permeability reservoirs by 
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injecting a pressurized fluid mixed with proppant. It is known that hydraulic fracture deliverability 
is largely defined by the propped area that exhibits sufficient conductivity contrast to the reservoir 
(Brannon & Starks II, 2008). Various graphical/computerized methods have been developed to 
estimate the effects of fracture length and fracture conductivity on fracture well productivity. Flow 
within the propped fracture is concentrated through a relatively small cross-sectional area. Therefore 
the conductivity of this flow path is vital in order to optimize the production and ultimate recovery 
from the reservoir (Brannon & Starks II, 2008). This study focuses on the critical conductivity value, 
which is defined as the point at which beyond a certain value of the relative conductivity, the 
productivity does not increase further (Gu, 2013). In other words, the critical conductivity is the point 
where production becomes insensitive to increases in conductivity or it is defined as the minimum 
conductivity required to fully stimulate the hydraulic fracture. Therefore by analyzing the critical 
conductivity of a reservoir prior to production it is possible to design a fracture treatment, including 
proppant amount and type, which will have positive impacts on the well performance and increased 
ROFI (Return on Fracturing Investment). The completion design can be enhanced if a proper critical 
conductivity value is found in order to prevent over-design of the proppant pumping amount, causing 
early staging or screening-out. 
The second part of the study was designed to study the impacts of several parameters on well 
productivity and whether or not there is any correlation between the two effects and critical 
conductivity determination. The different parameters values studied are 600, 800, 1000 psi for 
bottom hole pressure (BHP); 500, 700, 900 ft. for fracture length; and 100, 200, 300 ft. for fracture 
half spacing. Critical conductivity values were then found with both effects applied and the results 
compared. As a continuation of part one, the input data used in the reservoir simulator was only 
altered for each parameter, one at a time, and the other parameters remained the same as the base 
case. A relative difference between the two cases being studied was also calculated and plotted in 
numerous charts for comparison. The following relative difference equation was used to obtain the 
relative difference percentage between the results for both effects and no effects for each parameter 
being studied: 
	 	 % 	 	–	 	 ∗ 100……...……...……..(11) 
Eq. 11 was utilized in order to analyze the data for both the cumulative production and critical 
conductivity results.  
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Furthermore, it is known that the Marcellus Shale is a naturally fractured reservoir. In 
general, shale gas reservoirs includes natural fractures which are believed to play a significant role 
in hydraulic fracture propagation and gas production (Lee & Kim, 2016). A naturally fractured 
reservoir has been referred to a dual porosity system because two types of porous regions that present 
distinctly different properties are in presence (Barenblatt et al., 1960). The first region forms the 
continuous system connected with the wells, whereas the second region only feeds fluid locally to 
the first region. These regions represent matrix and fractures which have different fluid storage and 
conductivity characteristics in shale gas reservoirs (Lee & Kim, 2016). Therefore to more accurately 
predict production amounts, a further analysis was conducted and compared to results from part one 
which studied non-naturally fractured reservoirs.  
 In order to accurately model a naturally fractured reservoir, data from several sources were 
utilized and implemented for use in CMG for both the matrix and natural fractures. Fracture intensity 
data from Quanta Geo image logs compiled by Schlumberger was provided by Northeast Natural 
Energy during the study of their MIP-3H lateral drilled in the Marcellus Shale (Taylor, 2015). The 
well is located in Morgantown, West Virginia and is part of the Marcellus Shale Energy and 
Environment Laboratory (MSEEL). MSEEL is a multi-disciplinary research program whose 
objective is to provide a long-term field site to develop and validate new knowledge and technology 
to improve recovery efficiency and minimize environmental implications of unconventional 
resource development. At the MIP site, two horizontal wells (MIP-4H and MIP-6H) were drilled and 
have produced natural gas since December 2011. Two new horizontal wells (MIP-3H and MIP-5H) 
were drilled from the existing pad having been in production since December 2015. The fracture 
intensity data can be found in Figure 14 and revels considerable variability in fracture intensity along 
the length of the lateral. Twenty-one fracture intensity variables were identified. Fracture orientations 
in each of these intervals are also plotted in rose diagram form (Figure 15) to illustrate variations on 
natural fracture trend along the length of the lateral. The average trend in each region in depicted in 
Figure 15 and presented in histogram form in Figure 16 with the average fracture trend concentrating 
between N70-85E. Since Figure 15 suggests a single dominant orientation for the natural fracture 
set, it is reasonable to assume a single orientation in the reservoir model. This data was then analyzed 
and an approximation of 2 fractures per foot was selected to be used in the reservoir model for the 





Figure 14: Fracture intensity observed in the Quanta Geo image log from the MIP-3H lateral (Taylor, 2015) 
 
 
Figure 15: Rose diagrams of resistive fractures from zones of similar fracture intensity in the MIP-3H lateral (Taylor, 2015) 
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Further analysis was performed to calculate a pseudo conductivity and pseudo permeability 
that would be used to calculate the correction factors for each case scenario being studied for 
production prediction. Since CMG can’t replicate such high fracture intensity due to its grid cell 
limit, calculated pseudo values were implemented as the method for analysis. This method requires 
that the permeability values be lumped together per grid block and ultimately over estimate 
production which is not ideal. However, due to the high number of natural fractures per grid block 
the method is necessary due to time and software constraints.  
In order to calculate pseudo permeability and conductivity, more data was needed. Based on 
Figure 17, modified from Zhang et al. (2015), conductivity is plotted as a function of closure stress. 
Further data was extrapolated in order to cover the entire pore pressure range from 250 to 4500 psi 
in this study. Figure 17 shows a comparison between the average unpropped conductivity of 
displaced and aligned fractures in the Barnett Shale. The displaced fracture surfaces do not 
completely match and therefore the apertures within the fracture are larger than those in the aligned 
fractures where the fracture faces perfectly match. As a result, the displaced fracture conductivity is 
about one order of magnitude higher. The rate of conductivity reduction as a function of closure 
stress is similar (~0.7 log cycles per 1000 psi) (Zhang et al., 2015).  
Based on this information and several assigned reservoir parameter values, the following 
equations were used to calculate pseudo conductivity and pseudo permeability for displaced and 
aligned fractures. The assigned natural fracture spacing is 60 feet and the fracture width is 0.1 feet. 
To account for the gridding limit, 2 fractures/ft. were multiplied to 60 feet to sum 120 fractures. This 
value was then multiplied to the extrapolated conductivity values from Figure 17. Next, pseudo 
permeability was calculated by rearranging the following conductivity equation: 
…………………………………….……………………………….………..(12) 
Eq. 12 represents conductivity in mD-ft., is fracture permeability in mD, and  is fracture 
width in ft. Since two variables are known the pseudo permeability can be solved. Results for 2 




Figure 16: Histogram of average trends noted in Figure 10 (Taylor, 2015) 
 
 





Since it is apparent that displaced fractures produce higher conductivity as seen in Figure 17, 
this setting was utilized for the sensitivity study to determine high and low permeability values for 
the natural fracture study. Pseudo conductivity and pseudo permeability values were calculated 
based on the fracture intensity and conductivity data and assigned as the upper and lower bounds 
(Table 5). In order to perform the sensitivity study the upper bound pseudo permeability was 
modified by the power of 10 four times to compare the production results. The results shown in 
Figure 18 suggest that there is a permeability flow threshold has been reached due to the overlaying 
curves with varying pseudo permeability values. In other words, the red curve, representing 96 mD, 
in Figure 15 suggests that any further increase in permeability will only slightly impact production 
and is therefore ineffective. Figure 18 further depicts an analysis of varying pseudo permeabilities at 
which the yellow curve suggested a good range for referencing the low permeability study (9.6228 
mD) while the high permeability study would be conducted using the highest permeability result 
from Table 5 (96228.85609 mD).  
 
















5625  250  5375  0.2  24  240  0.002494054  1 
5625  500  5125  0.33  39.6  396  0.00411519  1 
5625  750  4875  0.45  54  540  0.005611622  1 
5625  1000  4625  0.6  72  720  0.007482163  1 
5625  1250  4375  0.73076391  87.69166898  876.9166898  0.009112825  1 
5625  1500  4125  0.91801187  110.1614245  1101.614245  0.011447858  1 
5625  1750  3875  1.20363652  144.4363823  1444.363823  0.015009675  1 
5625  2000  3625  1.53376391  184.051669  1840.51669  0.019126453  1 
5625  2250  3375  1.98250195  237.9002335  2379.002335  0.024722338  1 
5625  2500  3125  2.49049016  298.8588189  2988.588189  0.031057089  1 
5625  2750  2875  3.55699776  426.8397308  4268.397308  0.044356729  1 
5625  3000  2625  5.69632154  683.5585851  6835.585851  0.071034678  1 
5625  3250  2375  8.92771295  1071.325554  10713.25554  0.111331008  1 
5625  3500  2125  13.4002075  1608.024902  16080.24902  0.167104231  1 
5625  3750  1875  20.5444017  2465.328206  24653.28206  0.256194275  1 
5625  4000  1625  33.3595216  4003.142595  40031.42595  0.416002305  1 
5625  4250  1375  53.8506136  6462.073627  64620.73627  0.671531793  1 
5625  4500  1125  80.1907134  9622.885609  96228.85609  1  1 











Table 5: Pseudo permeability values at different fracture settings at initial reservoir pressure of 4500 psi 
 
 




Chapter 3 - Results and Discussion 
 
3.1 Effects of Gas Slippage and Confining Pressure in Matrix on Permeability and 
Resulted Production Prediction  
 
3.1.1 Non-naturally Fractured Reservoir 
            The fracturing model and reservoir simulation model are applied to evaluate the effects of 
gas slippage and confining pressure on matrix permeability and the resulted production predictions. 
Gas slippage is referred to as the pore pressure effect and confining pressure is referred to as the 
geomechanical effect in this study. The CMG model was run for four model case scenarios; no pore 
pressure and geomechanical effect (matrix) (Case 1), only pore pressure effect (Case 2), only 
geomechanical effect (matrix) (Case 3), & both pore pressure and geomechanical effects (matrix) 
(Case 4/base case). Once again, in the non-naturally fractured study all these effects are only on the 
matrix and no natural fractures are assumed. The production histories (1-20 years cumulative 
production) were then compared for the four model case scenarios and the pore pressure and 
geomechanical effects were evaluated. Figure 19 shows the four case scenarios results of cumulative 
gas production measured in cubic feet, under reservoir conditions, over a twenty-year period. Table 
7 also illustrates the deviation of the production results from both effects (matrix) for each of the 
three model case results being compared.  
 









Table 6: Simulation properties for the results from Figure 19 
Table 7: Cumulative gas production predictions and relative deviations from both effects for each model case  
 
Based on these results it is apparent that production would be overestimated without the 
influence of both effects (matrix), but primarily the geomechanical effect (matrix). Table 7 illustrates 
numerically that there is an average of approximately 13.5 % increase in production from both effects 
(base case) when including just the pore pressure effect, and an average approximately 0.5% 
decrease in production from both effects when just the geomechanical effect (matrix) is included. 
Consequently when no effects (matrix) are included the production amounts increases approximately 
12.8% from both effects (base case). Figure 20 depicts the relative error percentage distribution over 
time in a logarithmic scale which highlights the overestimation results from Case 2 and Case 1 
results. The resulted values are a product of the relative error to the reference case. The reference is 
always assigned to the most actual or correct treatment, therefore results for both effects represent 
the reference case. Positive results indicated overestimation from the reference case while negative 
results indicated underestimation. In Figure 20, the two overestimation results closely trend together 
beginning with an approximate 8-10% relative error and then increases from 10% to approximately 
14% where it stabilizes. The geomechanical effect shows its close relation to nearly zero percent 
relative error in reference to both effects considered. Therefore, if the model only consider the pore 























1 Year  503662.69  12.02  506821.41  12.73  447136.69  ‐0.55  449603.41 
3 Year  905559.00  12.63  911388.88  13.35  799352.44  ‐0.58  804039.38 
5 Year  1189302.75  12.83  1197069.50  13.57  1047767.75  ‐0.60  1054057.38 
10 Year  1724887.00  13.12  1736392.00  13.87  1515560.88  ‐0.61  1524877.50 
20 Year  2503195.00  13.21  2520215.50  13.98  2197311.00  ‐0.62  2211033.25 
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words, the geomechanical effects (matrix) does have the largest influence and is most accurate to the 
reference case of considering both effects (matrix).  
In terms of production comparison, the base case BHP was changed from 1000 to 600 psi in 
Figure 23. Again it is apparent that this parameter largely affects the production amounts, and at the 
end of the twenty-year period there is an approximate 83.7% relative difference increase in 
production between both effects case when going from 1000 psi to 600 psi. Furthermore, based on 
all the results further analysis was performed in order to understand the apparent absence of the pore 
pressure effect as seen in Figure 19. The original reservoir parameters were designed using a 1000 
psi BHP. Therefore BHP was lowered again to 500 psi once the results suggested more influence 
from the pore pressure effect was apparent at lower pore pressures. In Figure 22 the pore pressure 
effect production curve no longer follows alongside the no effects curve, but instead dropped 
significantly and now underestimates production in reference to the both effects (matrix) curve. It is 
also evident that the change from 500 to 600 psi in the BHP serves as the transition period for the 
pore pressure effect. In other words, at 500 psi the pore pressure effect appears to underestimate 
production, and at 600 psi the pore pressure effect alone overestimates production.  
Also the overall trend of the results in Figure 19 suggests that as time increases the influence 
of these effects increases. At the end of the twenty-year period there is an approximate 13.2% 
difference in the production results from no effects (matrix) (Case 1) and both effects (matrix) (Case 
4). In addition, Figure 24 illustrates the influence of the gas desorption effect. This figures illustrates 
the same trends found in Figure 19, but emphasizes that without applying the Langmuir isotherm 
desorption effect the cumulative gas production for both effects would be greatly underestimated by 




Figure 20: Relative difference percentage plot in reference to both effects over a twenty-year period 
 
 






























































Figure 22: Production prediction results for each model scenario using 500 psi BHP 
 
 









3.1.2 Naturally Fractured Reservoir with Low Permeability 
 
As a continuation of the production prediction study, a naturally fractured reservoir was 
implemented into the study as stated in earlier sections. In a naturally fractured reservoir the effects 
studied become more involved whether it the matrix or natural fracture being evaluated. Therefore 
more classification is provided for each case. Figure 18 provided the data as to which a low pseudo 
permeability (9.6228 mD) was chosen to represent a low permeable naturally fractured reservoir. 
This low permeability natural fracture setting with its corresponding correction factors was applied 
to all the cases in this study. An additional case was added to the naturally fractured study to include 
a case with no effects (matrix) applied, but it also considers no confining pressure effects on the 
natural fractures (NF). The CMG model was run for five model case scenarios; no effects (matrix) 
(Case 5), no effects (matrix) & no confining pressure effects on the natural fractures (Case 6), only 
pore pressure effect (Case 7), only geomechanical effect (matrix) (Case 8), & both pore pressure and 
geomechanical effects (matrix) (Case 9). Among all the cases, only Case 6 does not consider the 
natural fracture geomechanical effect. The production histories (1-20 years cumulative production) 
were then compared for the five model case scenarios and the pore pressure and geomechanical 
effects were evaluated. Therefore, the same process of running the data through the reservoir model 
for non-naturally fractured reservoir was performed and similar results were found. Figure 25 shows 
the resulted production prediction results for all five case scenarios, Table 8 lists the simulation 
properties for these results, Table 9 shows the numerical results from the simulation, and Figure 26 
depicts the relative error percentage chart from the base case (both effects). The only major 
difference with the base case parameters in this natural fracture study is that the BHP was reduced 
to 500 psi for the naturally fractured study base case as opposed to 1000 psi for the non-naturally 
fractured reservoir study. This change was made once it was apparent that lowering the BHP from 
1000 to 500 did not have the same effect on the production prediction results as it did for the non-
naturally fractured reservoir. In other words, when lowering the BHP the effects have the same trend 
between the non-naturally fractured and naturally fractured reservoir. 
Based on these results it is apparent that production would be overestimated without the 
influence of both effects, but primarily the geomechanical effect. The results in Figure 25 showed 
the same trend for each of the original curves as the non-naturally fractured reservoir case. As before, 
the positive relative difference for the pore pressure effect and no effects (matrix) cases indicates 
overestimation of production and the negative result for the geomechanical effect (matrix) indicates 
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an underestimation. The additional curve for no effects (matrix) and no confining pressure effects 
on the natural fracture (Case 6) was added for the natural fracture study and its results indicated even 
higher overestimation of production when compared to the base case (both effects). This large degree 
of overestimation was highest during the first year of production (especially within the first 100 days) 
as seen in Figure 26 where it exceeds just over 250% relative error from the base case. Figure 27 is 
the same data from Figure 26, but without Case 6 (no effects (matrix) & no NF confining pressure) 
so the trends can be seen more clearly. In comparison to the non-naturally fractured reservoir study, 
the overall relative error trend is similar but varies more, unlike the non-naturally fractured case in 
which it consistently trends upward. Also the naturally fractured reservoir with low permeability has 
lower error percentages for the pore pressure and no effects (matrix) overestimated results. The 
geomechanical effect (matrix) is still slightly underestimating production but the values are both 
within 1% relative deviation for both scenarios. Therefore the lower permeability is still 
















Figure 25: Production prediction results for the effects of gas slippage and confining pressure on permeability for naturally 



































1 Year  3175755  3.6  10183067  232.2  3186601  4.0  3055549.25  ‐0.3  3065178.25 
3 Year  5483252  3.1  14788403  178.0  5500706  3.4  5305044.5  ‐0.3  5319052.5 
5 Year  6826626  3.0  16644044  151.1  6848440.5  3.3  6611722.5  ‐0.2  6628085.5 
10 Year  8952183  3.1  18921640  117.9  8981481  3.4  8661574  ‐0.3  8683713 
20 Year  11488754  3.4  21260848  91.3  11532480  3.8  11081864  ‐0.3  11113598 
 
Table 9: Cumulative gas production predictions and relative deviations from both effects for each model case for naturally 





Figure 26: Relative difference percentage plot in reference to both effects over a twenty-year period or naturally fractured 
reservoir with low permeability 
 
 




















































3.1.3 Naturally Fractured Reservoir with High Permeability 
 
As a continuation of the naturally fractured reservoir study, a naturally fractured reservoir 
with high permeability was added into the study. Table 4 provided the data as to which a high pseudo 
permeability (96228.85609 mD) was chosen to represent a naturally fractured reservoir with high 
permeability. This high permeability natural fracture setting with its corresponding correction factors 
was applied to all the cases in this study. Similarly to the low permeability study, an additional case 
was added to the naturally fractured study to include a case with no effects (matrix) applied, but it 
also considers no NF confining pressure. The CMG model was run for five model case scenarios; 
no effects (matrix) (Case 10), no effects (matrix) & no confining pressure effects on the natural 
fractures (Case 11), only pore pressure effect (Case 12), only geomechanical effect (matrix) (Case 
13), & both pore pressure and geomechanical effects (matrix) (Case 14). Among all the cases, only 
Case 11 does not consider the natural fracture geomechanical effect. The production histories (1-20 
years cumulative production) were then compared for the five model case scenarios and the pore 
pressure and geomechanical effects were evaluated. Figure 28 shows the resulted production 
prediction results for all five case scenarios, Table 10 lists the simulation properties for these results, 
Table 11 shows the numerical results from the simulation, and Figure 29 depicts the relative error 
percentage chart from the base case (both effects). 
Based on these results, it is obvious there is a similar trend between all the cases thus far. 
Production would be overestimated without the influence of both effects, but primarily the 
geomechanical effect (matrix). Each graph and table show similar results, the reference base case is 
both effects (matrix) and the geomechanical effect (matrix) has the closest relative deviation 
according to Table 11. It is the only case that has a negative relative difference, which indicates that 
if just the geomechanical effect (matrix) were considered then production would be underestimated. 
Also the no effects (matrix) (Case 10), no effects (matrix) & no NF confining pressure (Case 11), 
and no pore pressure effect only (Case 12) trend closely and have similar relative error percentages 
averaging around 5% over the twenty-year period. Also similarly to the other cases, the 
overestimation was highest during the first year of production (especially within the first 100 days) 
as seen in Figure 29. Figure 30 is the same data from Figure 29, but without Case 11 (no effects 
(matrix) & no NF confining pressure) so the trends can be seen more clearly. In comparison to the 
non-naturally fractured reservoir study, the overall relative error trend for the two overestimated 
cases is quite different. For this high permeability case the no effects (matrix) (Case 10) and the pore 
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pressure effect only (Case 12) reach a max relative difference around 10% after 100 days of 
production and then trends downward for the remainder of the time. The non-naturally fractured case 
only trends upward and the naturally fractured case with low permeability has a max relative 
difference of about 5% over the twenty-year time period. Therefore the main differences between 
the naturally fractured reservoirs, is that the high permeability case has higher overall production 
and higher relative error from the base case (both effects). The most noticeable difference is seen in 
Figure 28 and Figure 29 for Case 11 (no effects (matrix) & no NF confining pressure). The resulted 
curve no longer has a very high relative error to the base case as it did in the low permeability natural 
fracture study. This phenomenon is the result of this high permeability range reaching infinite 














Figure 28: Production prediction results for the effects of gas slippage and confining pressure on permeability for naturally 

































1 Year  9827928  8.93  9901377  9.75  9916997  9.92  8941669  ‐0.89  9021889 
3 Year  14022885  5.45  14064521  5.77  14160404  6.49  13164389  ‐1.00  13297681 
5 Year  15604853  3.87  15636139  4.08  15749573  4.83  14880394  ‐0.95  15023685 
10 Year  17392196  2.41  17406780  2.49  17500876  3.05  16851470  ‐0.78  16983294 
20 Year  19013704  1.99  19022276  2.04  19073162  2.31  18555296  ‐0.47  18642476 
 
Table 11: Cumulative gas production predictions and relative deviations from both effects for each model case for naturally 





Figure 29: Relative difference percentage plot in reference to both effects over a twenty-year period for naturally fractured 
reservoir with high permeability 
 
 

























































According to the results, the geomechanical effects (matrix) appears to dominate the gas flow 
results under high pore pressures. The results can be seen in Table 1, where apparent permeability 
values remain relatively consistent between the geomechanical effects (matrix) and both effects 
(matrix) for pore pressures above approximately 1000 psi. Conversely, the pore pressure effects 
permeability values remain close to the no effects (matrix) case under high pressures. Therefore the 
pore pressure effect does not play a significant role in the permeability values under high pressures. 
Prior to 1000 psi the apparent permeability decreases at higher magnitudes for the pore pressure 
effect than when compared with the geomechanical effect (matrix) results. This result suggests that 
the gas slippage effect is plays a significant role in the pore pressure effect at lower pressures, and 
that the geomechanical effect is significant throughout all pressure levels. Figure 21 also illustrates 
these results by plotting the apparent permeability against mean pore pressures for each case 
scenario.  
Based on these results, it is obvious there is a similar trend between all the three cases thus 
far. Production would be overestimated without the influence of both effects (matrix), but primarily 
the geomechanical effect (matrix). The highest degree of overestimation occurred for the additional 
case added for the natural fracture study with low permeability. This new case did not consider either 
effect (matrix), but also didn’t consider the NF confining pressure effect. The ‘no effects’ case means 
there is no consideration of the pore pressure and geomechanical effects in the matrix. The ‘no 
confining pressure effect’ is indicating no consideration of the confining pressure effect on the 
natural fractures, or in other words this effect is described as the natural fracture geomechanical 
effect, in contrast to the matrix geomechanical effect. Furthermore, it was interesting to see a large 
difference in the overestimation of this additional case between the low and high permeability 
studies. The low permeability study resulted with a very high maximum overestimation of 250% for 
Case 6 while the high permeability only resulted with a maximum overestimation of about 11% for 
Case 11 (which followed the same trend as the no effects (matrix) (Case 10) and only pore pressure 
effect (Case 12) cases). As stated previously this phenomenon is the result of the high permeability 
range reaching infinite conductivity. For infinite conductive natural fracture systems, the magnitude 
of natural fracture conductivity does not influence the reservoir flow, because now the flowing 
threshold is from the matrix. Therefore the confining pressure will not impact the production 
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predictions. In comparison, for the low natural fracture permeability case, the natural fracture 
conductivity is 10,000 times lower than the high permeability case so the confining pressure has a 
significant influence on the production predictions. This phenomenon and hypothesis is discussed in 
more detail in Section 3.3.3. 
During production several phenomenon occur, first as pore pressure decreases, the effective 
confining pressure increases, which will highly reduce the natural fracture conductivity as seen in 
Figure 16 from Section 2.5. Based on the natural fracture results seen in Sections 3.1.2 and 3.1.3, 
our case study illustrates that that natural fracture confining pressure effect is more significant than 
the matrix pore pressure effect and matrix geomechanical effect. Therefore, for low permeability 
shale reservoirs (with an intrinsic permeability as low as 100 nD), the lab characterization of the 
natural fracture confining effect (natural fracture conductivity as a function of effective confining 
stress) should be crucial for accurate reservoir production and modeling. 
Furthermore, the main differences between the naturally fractured reservoirs, is that the high 
permeability case has higher overall production and higher relative error from the base case. It is 
interesting to see the comparison between the relative error percentages and trends that reference 
both effects (matrix) as the base case. If we exclude the no effects (matrix) and no NF confining 
pressure case for simplicity, the non-naturally fractured reservoir has a max relative difference of 
about 14% for the pore pressure only effect and the trend continues to increase. On the other hand, 
the naturally fractured reservoir with low permeability reaches a max relative difference of about 5% 
and the high permeability case peaks out at around 10% for the same case.  Therefore it was 
unexpected to find that the naturally fractured reservoir with low permeability has the lowest error, 
especially with comparison to the non-naturally fractured reservoir. Therefore, the naturally 
fractured reservoir with low permeability resulted with the lowest relative difference to possible in-
situ reservoir conditions. Therefore more analysis of the natural fracture influence and primarily the 
geomechanical effect (NF) should be considered. Furthermore, based on this matrix permeability 
study it can be presumed that by increasing the matrix perm 5 to 10 times would directly increase 
the influence of overestimation by a similar amount. Therefore this study is highly dependent on the 
lab characterization from the PPAL experimental data. Also, this work flow could be utilized for 






3.2 Effects of Gas Slippage and Confining Pressure in Matrix on the Critical 
Conductivity Results for Different Bottomhole Pressures, Propped Fracture Lengths, 
and Fracture Half Spacings 
 
3.2.1 Non-naturally Fractured Reservoir  
 
The second part of the study was designed to study the impacts of several parameters on well 
productivity and whether or not there is any correlation between the two effects and critical 
conductivity determination in the hydraulic fracture. Critical conductivity is defined as the minimum 
conductivity required to fully stimulate the hydraulic fracture. The different parameters values 
studied are 600, 800, and 1000 psi for bottom hole pressure (BHP); 500, 700, 900 ft. for fracture 
length; and 100, 200, 300 ft. for fracture half spacing. Each parameter was evaluated using the 
following conductivity values; 0.1, 0.5, 1, 5, 10, 50, 100, 500, and 1000 mD-ft. with either no effects 
(matrix) or having both effects (matrix) applied. In order to find critical conductivity for each 
parameter the production results from each conductivity value at 1, 5, 10, and 20 years were 
evaluated in a log-log graph, and the fitting equation was found using a fourth order polynomial 
trendline at each time step. A critical conductivity value represented by 90% of the fitting equation 
divided by the cumulative gas value at 1000 mD-ft. conductivity was then calculated and the results 
compared. Table 12 includes the simulation properties that were used as the base case of this study. 
In other words, these base case properties remained consistent while the other parameters were being 
altered. Figure 31 shows an example of the cumulative gas production results for BHP that are used 
to determine the critical conductivity values for non-naturally fractured reservoir.  
Table 13 and Figure 32 represent an example using a BHP of 1000 psi to illustrate how 
critical conductivity values were determined. For example, in Table 13, at 1 year production for 1000 
psi BHP the critical conductivity was found to be 25 mD-ft. This process was utilized and repeated 
for each parameter and their selected values being studied. Table 14 highlights the results for BHP 
and is followed by its corresponding graphs (Figure 33 and Figure 34) for the critical conductivity 
values determined and their relative error percentages referencing the both effects cases. Table 15 
highlights the results for fracture length and is followed by its corresponding graphs (Figure 35 and 
Figure 36) for the critical conductivity values determined and their relative error percentages 
referencing the both effects cases. Table 16 highlights the results for fracture half spacing and is 
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followed by its corresponding graphs (Figure 37 and Figure 38) for the critical conductivity values 
determined and their relative error percentages referencing the both effects cases.  
When the results for the permeability effects were plotted for different scenarios in 
combination of various BHP, fracture length, and fracture half spacing the relative difference 
between the predicted critical conductivity considering and not considering the matrix permeability 
effects are significant. Overall, the critical conductivity will be overestimated when ignoring the two 
matrix permeability effects. For example, the conductivity can be overestimated by 5.3 to 20% for 
different frac lengths (Figure 36), 5.3 to 33.3% for frac half spacings (Figure 38), and 6.7 to 15.4% 
for BHPs (Figure 34) over the twenty-year period. Such overestimation can lead to an over-design 
of the proppant pumping amount, causing early staging or screening-out. Figure 33, Figure 35, & 
Figure 37 all show a distinct similar trend indicating a drop in critical conductivity values over the 
twenty-year time period, most significantly during the first five years of production. However BHP 
critical conductivity values decrease as the parameter values increase, while the opposite occurs for 
both fracture length and fracture half spacing. However all show a similar result where the critical 
conductivity value is lower for both effects in comparison with no effects (matrix). The relative error 
results for all three parameters are summarized in Table 17 and Figure 39, which illustrates the 


















1 Year Production  Conductivity (mD‐ft.)  Cumulative Gas RC (ft3)  Log (Cond.)  Log (Prod.) 
 
0.1  33437.32813  ‐1  4.524231567 
 
0.5  113320.1953  ‐0.301029996  5.054307314 
 
1  169810.75  0  5.22996518 
 
5  309222  0.698970004  5.490270385 
 
10  357101.7813  1  5.552792016 
 
50  421587.3438  1.698970004  5.624887565 
 
100  434224.8438  2  5.637714668 
 
500  447385.25  2.698970004  5.650681662 
 
1000  449603.4063  3  5.652829593 
Critical Conductivity  25  404789.333  1.397940009  5.607229059 
%     90.03253252       






























































psi  600 psi  800 psi  1000 psi 
1  72  43  28  66  39  25  9.09  10.26  12.00 
5  36  22  15  33  20  13  9.09  10.00  15.38 
10  27  16  11  24  15  10  12.50  6.67  10.00 
20  20  12  8  18  11  7  11.11  9.09  14.29 
Table 14: Critical conductivity values and relative error (%) results for BHP in non-naturally fractured reservoir 
 
 



































Figure 33: Critical conductivity values (mD-ft.) of varying bottomhole pressures (psi) evaluated with both effects and no effects 
over a twenty-year period 
 
 
Figure 34: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 











































































500 ft.  700 ft.  900 ft.  500 ft.  700 ft.  900 ft.  500 ft.  700 ft.  900 ft. 
1  20  28  35  19  25  31  5.26  12.00  12.90 
5  11  15  18  10  13  16  10.00  15.38  12.50 
10  8  11  14  7  10  12  14.29  10.00  16.67 
20  6  8  10  5  7  9  20.00  14.29  11.11 
Table 15: Critical conductivity values and relative error (%) results for fracture length in non-naturally fractured reservoir 
 
 









































Figure 36: Relative difference (%) of critical conductivity values (md-ft.) between both effects and no effects evaluated for varying 









100 ft.  200 ft.  300 ft.  100 ft.  200 ft.  300 ft.  100 ft.  200 ft.  300 ft. 
1  12  20  28  11  19  25  9.09  5.26  12.00 
5  6  10  15  5  9  13  20.00  11.11  15.38 
10  4  8  11  3  7  10  33.33  14.29  10.00 
20  3  5.5  8  2.5  5  7  20.00  10.00  14.29 




































Figure 37: Critical conductivity values (mD-ft.) of varying fracture half spacings (ft.) evaluated with both effects and no effects 
over a twenty-year period 
 
 
Figure 38: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 





































































600 psi  800 psi  1000 psi  500 ft.   700 ft.   900 ft.  100 ft.   200 ft.   300 ft. 
1  9.09  10.26  12.00  5.26  12.00  12.90  9.09  5.26  12.00 
5  9.09  10.00  15.38  10.00  15.38  12.50  20.00  11.11  15.38 
10  12.50  6.67  10.00  14.29  10.00  16.67  33.33  14.29  10.00 
20  11.11  9.09  14.29  20.00  14.29  11.11  20.00  10.00  14.29 
























































3.2.2 Naturally Fractured Reservoir with Low Permeability 
 
As a continuation of the critical conductivity study a naturally fractured reservoir was 
implemented having a low and high permeability. For the low permeability study, the permeability 
value determined (9.6228 mD) from the production study remained constant and the same three 
parameters from Section 3.2.1 (BHP, fracture length, and fracture half spacing) were evaluated to 
investigate the influence of natural fractures on critical conductivity determination for hydraulic 
fractures. Similarly to the production prediction study, this low permeability natural fracture setting 
with its corresponding correction factors was also applied to all the cases. The different parameters 
values studied are 500, 800, and 1000 psi for bottom hole pressure (BHP); 500, 700, 900 ft. for 
fracture length; and 100, 200, 300 ft. for fracture half spacing. Each parameter was evaluated using 
the following conductivity values; 0.1, 0.5, 1, 5, 10, 50, 100, 500, 1000, 2000, 4000, 6000, 8000, 
10000, 20000, and 50,000 mD-ft. with either no effects (matrix) or having both effects (matrix) 
applied. This evaluation is identical to the non-naturally fractured analysis except here we evaluate 
500 psi for BHP since it is a base case parameter and 7 additional conductivity values were added 
since the permeability in this case was increased. Table 18 includes the simulation properties that 
were used as the base case of this study. In other words, these base case properties remained 
consistent while the other parameters were being altered. 
Similarly to Section 3.2.1, in order to find critical conductivity for each parameter the 
production results from each conductivity value at 1, 5, 10, and 20 years were evaluated in a log-log 
graph, and the fitting equation was found using a fourth order polynomial trendline at each time step. 
A critical conductivity value represented by 90% of the fitting equation divided by the cumulative 
gas value at 50,000 mD-ft. conductivity was then calculated and the results compared. Figure 40 
shows an example of the cumulative gas production results for BHP that are used to determine the 
critical conductivity values for naturally fractured reservoir with low permeability. Table 19 and 
Figure 41 represent an example using a BHP of 1000 psi to illustrate how critical conductivity values 
were determined. For example, in Table 19, at 1 year production for 1000 psi BHP the critical 
conductivity was found to be 65 mD-ft. This process was utilized and repeated for each parameter 
and their selected values being studied. Table 20 highlights the results for BHP and is followed by 
its corresponding graphs (Figure 42 and Figure 43) for the critical conductivity values determined 
and their relative error percentages referencing the both effects (matrix) cases. Table 21 highlights 
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the results for fracture length and is followed by its corresponding graphs (Figure 44 and Figure 45) 
for the critical conductivity values determined and their relative error percentages referencing the 
both effects (matrix) cases. Table 22 highlights the results for fracture half spacing and is followed 
by its corresponding graphs (Figure 46 and Figure 47) for the critical conductivity values determined 
and their relative error percentages referencing the both effects (matrix) cases.  
When the results for the permeability effects were plotted for different scenarios in 
combination of various BHP, fracture length, and fracture half spacing the relative difference 
between the predicted critical conductivity considering and not considering the permeability effects 
are significant. Overall, the critical conductivity will be overestimated when ignoring the two matrix 
permeability effects. For example, the conductivity can be overestimated by 2.1 to 8.3% for different 
frac lengths (Figure 45), 2.1 to 12.5% for frac half spacings (Figure 47), and 1.0 to 5.6% for BHPs 
(Figure 43) over the twenty-year period. Such overestimation can lead to an over-design of the 
proppant pumping amount, causing early staging or screening-out. Figure 42, Figure 44, & Figure 
46 all show a distinct similar trend indicating a drop in critical conductivity values over the twenty-
year time period, most significantly during the first five years of production and then gradually 
flattens out over time. However BHP critical conductivity values decrease as the parameter values 
increase, while the opposite occurs for both fracture length and fracture half spacing. However all 
show a similar result where the critical conductivity value is lower for both effects in comparison 
with no effects. The relative error results for all three parameters are summarized in Table 23 and 
Figure 48 which illustrates the overlying trend that overestimation of the critical conductivity 
increases slightly with time. All these trends were the same as seen for the non-naturally fractured 
results, however overall the overestimation degree is significantly less for this study of naturally 























  0.1  41711.11328  ‐1  4.620251781 
  0.5  173223.9219  ‐0.301029996  5.238607867 
  1  302932.2188  0  5.481345466 
  5  760363.375  0.698970004  5.88102119 
  10  954913.25  1  5.979963919 
  50  1289562.125  1.698970004  6.110442269 
  100  1371544.625  2  6.137209943 
  500  1457834.125  2.698970004  6.163708112 
  1000  1470750.625  3  6.167539042 
  2000  1477756.5  3.301029996  6.169602878 
  4000  1481603.5  3.602059991  6.170731995 
  6000  1483119.875  3.77815125  6.171176255 
  8000  1483757.25  3.903089987  6.171362854 
  10000  1483745.25  4  6.171359342 
  20000  1486250.25  4.301029996  6.172091941 
  50000  1485424.75  4.698970004  6.171850656 
Critical 
Conductivity 
65  1344559.284  1.812913357  6.128579956 
%     90.5168225       






















































500 psi  800 psi  1000 psi  500 psi  800 psi  1000 psi  500 psi  800 psi  1000 psi 
1 
240  95  65  235  94  64.5  2.13  1.06  0.78 
5 
155  60  40  150  59  39.5  3.33  1.69  1.27 
10 
120  45  30  115  44  29.5  4.35  2.27  1.69 
20 
95  35  20  90  34  19.6  5.56  2.94  2.04 
Table 20: Critical conductivity values and relative error (%) results for BHP in naturally fractured reservoir with low 
permeability 
 




































Figure 42: Critical conductivity values (mD-ft.) of varying bottomhole pressures (psi) evaluated with both effects and no effects 
over a twenty-year period 
 
 
Figure 43: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 





































































500 ft.   700 ft.   900 ft.  500 ft.   700 ft.   900 ft.  500 ft.   700 ft.   900 ft. 
1  195  240  310  190  235  300  2.63  2.13  3.33 
5  115  155  205  110  150  200  4.55  3.33  2.50 
10  85  120  170  80  115  165  6.25  4.35  3.03 
20  65  95  140  60  90  135  8.33  5.56  3.70 












































Figure 45: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 







100 ft.   200 ft.   300 ft.  100 ft.   200 ft.   300 ft.  100 ft.   200 ft.   300 ft. 
1  215  235  240  210  225  235  2.38  4.44  2.13 
5  135  150  155  125  145  150  8.00  3.45  3.33 
10  110  115  120  100  110  115  10.00  4.55  4.35 
20  90  90  95  80  85  90  12.50  5.88  5.56 
Table 22: Critical conductivity values and relative error (%) results for fracture half spacing in naturally fractured reservoir 



































Figure 46: Critical conductivity values (mD-ft.) of varying fracture half spacings (ft.) evaluated with both effects and no effects 
over a twenty-year period 
 
 
Figure 47: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 





































































500 psi  800 psi  1000 psi  500 ft.   700 ft.   900 ft.  100 ft.   200 ft.   300 ft. 
1  2.13  1.06  0.78  2.63  2.13  3.33  2.38  4.44  2.13 
5  3.33  1.69  1.27  4.55  3.33  2.50  8.00  3.45  3.33 
10  4.35  2.27  1.69  6.25  4.35  3.03  10.00  4.55  4.35 
20  5.56  2.94  2.04  8.33  5.56  3.70  12.50  5.88  5.56 
Table 23: Critical conductivity relative error (%) results for BHP, fracture length, and fracture half spacing for naturally 
fractured reservoir with low permeability 
 
 
Figure 48: Critical conductivity relative error (%) results for BHP, fracture length, and fracture half spacing for naturally 









































3.2.3 Naturally Fractured Reservoir with High Permeability 
 
As a continuation of the critical conductivity study a naturally fractured reservoir was 
implemented having a low and high permeability. For the high permeability study, the permeability 
value determined (96228.85609 mD) from the production study remained constant and the same 
three parameters from Section 3.2.1 and 3.2.2 (BHP, fracture length, and fracture half spacing) were 
evaluated to investigate the influence of natural fractures on critical conductivity determination for 
hydraulic fractures. Similarly to the production prediction study, this high permeability natural 
fracture setting with its corresponding correction factors was also applied to all the cases. The same 
parameters values from the low permeability investigation studied are 500, 800, and 1000 psi for 
bottom hole pressure (BHP); 500, 700, 900 ft. for fracture length; and 100, 200, 300 ft. for fracture 
half spacing. Each parameter was evaluated using the following conductivity values; 0.1, 0.5, 1, 5, 
10, 50, 100, 500, 1000, 2000, 4000, 6000, 8000, 10000, 20000, and 50,000 mD-ft. with either no 
effects (matrix) or having both effects (matrix) applied. This evaluation design is identical to the 
naturally fractured reservoir with low permeability analysis. Table 24 includes the simulation 
properties that were used as the base case of this study. In other words, these base case properties 
remained consistent while the other parameters were being altered.   
Similarly to Section 3.2.1 and Section 3.2.2, in order to find critical conductivity for each 
parameter the production results from each conductivity value at 1, 5, 10, and 20 years were 
evaluated in a log-log graph, and the fitting equation was found using a fourth order polynomial 
trendline at each time step. A critical conductivity value represented by 90% of the fitting equation 
divided by the cumulative gas value at 50,000 mD-ft. conductivity was then calculated and the results 
compared. Figure 49 shows an example of the cumulative gas production results for BHP that are 
used to determine the critical conductivity values for naturally fractured reservoir with low 
permeability. Table 25 and Figure 50 represent an example using a BHP of 1000 psi to illustrate how 
critical conductivity values were determined. For example, in Table 25, at 1 year production for 1000 
psi BHP the critical conductivity was found to be 210 mD-ft. This process was utilized and repeated 
for each parameter and their selected values being studied. Table 26 highlights the results for BHP 
and is followed by its corresponding graphs (Figure 51 and Figure 52) for the critical conductivity 
values determined and their relative error percentages referencing the both effects cases. Table 27 
highlights the results for fracture length and is followed by its corresponding graphs (Figure 53 and 
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Figure 54) for the critical conductivity values determined and their relative error percentages 
referencing the both effects (matrix) cases. Table 28 highlights the results for fracture half spacing 
and is followed by its corresponding graphs (Figure 55 and Figure 56) for the critical conductivity 
values determined and their relative error percentages referencing the both effects (matrix) cases.  
When the results for the permeability effects were plotted for different scenarios in 
combination of various BHP, fracture length, and fracture half spacing the relative difference 
between the predicted critical conductivity considering and not considering the matrix permeability 
effects are significant. Overall, the critical conductivity will be overestimated when ignoring the two 
permeability effects. For example, the conductivity can be overestimated by 9.3 to 22% for different 
frac lengths (Figure 54), 5.2 to 26.4% for frac half spacings (Figure 56), and 7.1 to 22% for BHPs 
(Figure 52) over the twenty-year period. Such overestimation can lead to an over-design of the 
proppant pumping amount, causing early staging or screening-out. Figure 51, Figure 53, & Figure 
55 all show a distinct similar trend indicating a drop in critical conductivity values over the twenty-
year time period, most significantly during the first five years of production and then gradually 
flattens out over time. However BHP critical conductivity values decrease as the parameter values 
increase, while the opposite occurs for both fracture length and fracture half spacing. However all 
show a similar result where the critical conductivity value is lower for both effects in comparison 
with no effects. The relative error results for all three parameters are summarized in Table 29 and 
Figure 57 which illustrates the overlying trend that overestimation of the critical conductivity 
increases moderately with time. All these trends were the same as seen for the non-naturally fractured 
results and naturally fractured with low permeability results, however overall the overestimation 
degree is the highest among the three scenarios and the slope of relative difference summarized in 
Figure 57 is steepest showing a strong correlation between increasing relative difference and 













Figure 49: Cumulative gas production values (ft3) of varying BHP (psi) evaluated with both effects and no effects over a twenty-
year period 
 
1 Year Production  Conductivity (mD‐ft.)  Cumulative Gas RC (ft3)  Log (Cond.)  Log (Prod.) 
   0.1  42518.9375  ‐1  4.628582403 
   0.5  185501.8281  ‐
0.301029996 
5.268348194 
   1  336295.875  0  5.52672154 
   5  1145303.375  0.698970004  6.058920541 
   10  1700919  1  6.230683632 
   50  3048817.5  1.698970004  6.484131429 
   100  3506963.25  2  6.544931215 
   500  4144130.75  2.698970004  6.617433449 
   1000  4274959.5  3  6.630932005 
   2000  4356899  3.301029996  6.639177492 
   4000  4405827  3.602059991  6.64402744 
   6000  4423620  3.77815125  6.645777813 
   8000  4433103  3.903089987  6.646707822 
   10000  4438585  4  6.647244541 
   20000  4455131.5  4.301029996  6.648860527 
   50000  4471489  4.698970004  6.650452167 
Critical 
Conductivity 
210  4035748.371  2.322219295  6.60592408 
%     90.2551336       





















































500 psi  800 psi  1000 psi  500 psi  800 psi  1000 psi  500 psi  800 psi  1000 psi 
1  1030  345  225  930  315  210  10.75  9.52  7.14 
5  620  205  130  535  185  120  15.89  10.81  8.33 
10  625  215  130  515  180  110  21.36  19.44  18.18 
20  665  250  145  545  205  125  22.02  21.95  16.00 
Table 26: Critical conductivity values and relative error (%) results for BHP in naturally fractured reservoir with high 
permeability 
 





































Figure 51: Critical conductivity values (mD-ft.) of varying bottomhole pressures (psi) evaluated with both effects and no effects 
over a twenty-year period 
 
 
Figure 52: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 




































































500 ft.   700 ft.   900 ft.  500 ft.   700 ft.   900 ft.  500 ft.   700 ft.   900 ft. 
1  705  810  1455  645  730  1310  9.30  10.96  11.07 
5  460  620  795  405  535  690  13.58  15.89  15.22 
10  440  625  795  375  515  665  17.33  21.36  19.55 
20  425  665  865  355  545  730  19.72  22.02  18.49 



















































Figure 54: Relative difference (%) of critical conductivity values (md-ft.) between both effects and no effects evaluated for 







100 ft.   200 ft.   300 ft.  100 ft.   200 ft.   300 ft.  100 ft.   200 ft.   300 ft. 
1  405  710  1030  385  640  930  5.19  10.94  10.75 
5  315  465  620  270  405  535  16.67  14.81  15.89 
10  325  480  625  265  400  515  22.64  20.00  21.36 
20  335  515  665  265  420  545  26.42  22.62  22.02 
































Figure 55: Critical conductivity values (mD-ft.) of varying fracture half spacings (ft.) evaluated with both effects and no effects 
over a twenty-year period 
 
 
Figure 56: Relative difference (%) of critical conductivity values (mD-ft.) between both effects and no effects evaluated for 









































































500 psi  800 psi  1000 psi  500 ft.   700 ft.   900 ft.  100 ft.   200 ft.   300 ft. 
1  10.75  9.52  7.14  9.30  10.96  11.07  5.19  10.94  10.75 
5  15.89  10.81  8.33  13.58  15.89  15.22  16.67  14.81  15.89 
10  21.36  19.44  18.18  17.33  21.36  19.55  22.64  20.00  21.36 
20  22.02  21.95  16.00  19.72  22.02  18.49  26.42  22.62  22.02 
Table 29: Critical conductivity relative error (%) results for BHP, fracture length, and fracture half spacing for naturally 
fractured reservoir with high permeability 
 
 
Figure 57: Critical conductivity relative error (%) results for BHP, fracture length, and fracture half spacing for naturally 











































Since critical conductivity is related to production it was not surprising to see most of the 
trends and analysis from the production prediction study in Section 3.1 to continue throughout the 
critical conductivity study, however some new analysis and applications can be seen throughout this 
study. Overall the same influence of both effects on the matrix can be seen in the positive values for 
all three reservoir types which indicate overestimation. Table 30, Table 31, and Table 32 highlight 
all the critical conductivity values found for all the parameters studied (BHP, fracture length, and 
fracture half spacing) and their relative difference values can be found in Figure 39, Figure 48, and 
Figure 57. Based on the nine parametric studies for each scenario, in conclusion, the relative 
overestimation error is from 5-13% to 8-20% for non-naturally fractured case, from 1-5% to 2-12% 
for naturally fractured reservoir with low natural fracture permeability, and from 5-11% to 15-26% 
for naturally fractured reservoir with high natural fracture permeability.  
The common trend among all three figures showcases the overestimation result and influence 
of production time. For all three reservoir scenarios, the gas slippage effect and geomechanical effect 
(matrix) have more influences on long-term critical conductivity (20 year) than the short-term (1 
year). So ignoring the two effects in laboratory characterization would lead to larger fracturing 
design errors for long-term optimization than for short-term optimization. The degree of 
overestimation is the highest in the naturally fractured reservoir with high permeability among the 
three scenarios and the slope of relative difference seen in Figure 57 is steepest showing a strong 
correlation between increasing relative difference and production time. Also, the naturally fractured 
reservoir with low permeability once again resulted with the lowest overall degree of relative 
difference percentage. This strengthens the conclusion that the NF geomechanical effect seen in 
naturally fractured reservoirs requires more analysis and may have more of an influence than both 

















































1  72  43  28  66  39  25  20  28  35  19  25  31  12  20  28  11  19  25 
5  36  22  15  33  20  13  11  15  18  10  13  16  6  10  15  5  9  13 
1
0  27  16  11  24  15  10  8  11  14  7  10  12  4  8  11  3  7  10 
2
0  20  12  8  18  11  7  6  8  10  5  7  9  3  5.5  8  2.5  5  7 











































1  240  95  65  235  94  64.5  195  240  310  190  235  300  215  235  240  210  225  235 
5  155  60  40  150  59  39.5  115  155  205  110  150  200  135  150  155  125  145  150 
1
0  120  45  30  115  44  29.5  85  120  170  80  115  165  110  115  120  100  110  115 
2
0  95  35  20  90  34  19.6  65  95  140  60  90  135  90  90  95  80  85  90 



















































0  385  640  930 
5  620  205  130  535  185  120  460  620  795  405  535  690  315  465  620  270  405  535 
1
0  625  215  130  515  180  110  440  625  795  375  515  665  325  480  625  265  400  515 
2
0  665  250  145  545  205  125  425  665  865  355  545  730  335  515  665  265  420  545 







3.3 Effects of Confining Pressure in Natural Fracture on the Critical Conductivity 
Results for Naturally Fractured Reservoir 
 
3.3.1 Naturally Fractured Reservoir with Low Permeability 
 
As a continuation of the naturally fractured study a more detailed study of just the 
geomechanical effect on the natural fracture was designed. For the low permeability study, the 
permeability value determined (9.6228 mD) from Sections 3.1 and 3.2 remained constant and the 
base case from Section 3.2 was utilized to investigate the influence of the geomechanical effect only 
on critical conductivity determination for hydraulic fractures. A list of the simulation properties can 
be found in Table 33. This evaluation is similar to Section 3.2 however the geomechanical effect 
was either applied or not applied to the natural fractures in the reservoir model. Each scenario was 
evaluated using the following conductivity values; 0.1, 0.5, 1, 5, 10, 50, 100, 500, 1000, 2000, 4000, 
6000, 8000, 10000, 20000, and 50,000 mD-ft. with either no effects (NF) or having the 
geomechanical effect (NF). Figure 58 shows an example of the cumulative gas production results 
for the base case that was used to determine the critical conductivity values for the natural fractured 
reservoir.  
Similarly to Section 3.2.1, in order to find critical conductivity for each parameter the 
production results from each conductivity value at 1, 5, 10, and 20 years were evaluated in a log-
log graph, and the fitting equation was found using a fourth order polynomial trendline at each 
time step. A critical conductivity value represented by 90% of the fitting equation divided by the 
cumulative gas value at 50,000 mD-ft. conductivity was then calculated and the results compared. 
Table 34 and Figure 59 represent an example using the base case conditions with the 
geomechanical effect (NF) applied to illustrate how critical conductivity values were determined. 
For example, in Table 34, at 1 year production the critical conductivity was found to be 235 mD-ft. 
This process was utilized and repeated for each time step for the geomechanical effect (NF) and no 
effect (NF). Table 35 highlights the critical conductivity and relative error results and is followed 
by its corresponding graphs Figure 60 and Figure 61.  
Based on the graphical result seen in Figure 58, Figure 60, and Figure 61 it is apparent that 
there is quite a large gap in production and critical conductivity results when comparing the 
geomechanical effect (NF) vs no effect (NF). When considering the geomechanical effect (NF) the 
production is effected negatively and therefore would cause an overestimation of production and 
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critical conductivity determination. These results are a continuation of the influence of the 
geomechanical effect (NF) with overestimation from the previous studies in Section 3.1 and 3.2. 
However, when evaluating the relative error in Figure 61, the percentages are much higher 
(averaging 250% overestimation at the end of the twenty-year study period). These results signify 
the high influence of the geomechanical effect (NF) and the upward trend relates the increasing 
difference over time. In comparison to the previous matrix studies in Section 3.1 and 3.2 this large 
error difference suggests more influence from the geomechanical effect (NF) is indeed located in 
the natural fractures. Therefore, once again this study suggests that the natural fracture and 








Table 33: Simulation properties for base case 
 
Figure 58: Cumulative gas production values (ft3) of a naturally fractured reservoir with low permeability evaluated with 









































1 Year Production  Conductivity (mD‐ft.)  Cumulative Gas RC (ft3)  Log (Cond.)  Log (Prod.) 
   0.1  48987.01563  ‐1  4.690080982 
   0.5  207886.2188  ‐0.301029996  5.3178257 
   1  365664.4375  0  5.563082725 
   5  1002425.313  0.698970004  6.001052025 
   10  1344558.375  1  6.128579662 
   50  2215349.75  1.698970004  6.345442301 
   100  2529476.75  2  6.403030692 
   500  2977504  2.698970004  6.473852354 
   1000  3065178.25  3  6.486455735 
   2000  3114315.5  3.301029996  6.493362607 
   4000  3141774.75  3.602059991  6.497175045 
   6000  3150532.5  3.77815125  6.498383964 
   8000  3156288.75  3.903089987  6.499176727 
   10000  3160381.5  4  6.499739511 
   20000  3166946.5  4.301029996  6.500640727 
   50000  3168782.25  4.698970004  6.500892397 
Critical Conductivity  235  2856404.396  2.371067862  6.455819693 
%     90.14202211       
Table 34: Critical Conductivity determination from conductivity and production amounts at 1 year production 
 
 
Figure 59: Critical conductivity determination plotting cumulative gas production and conductivity values for 1 year production 
of naturally fractured reservoir with low permeability and geomechanical effect applied 










































1  235  595  153.1914894 
5  150  355  136.6666667 
10  120  325  170.8333333 
20  90  320  255.5555556 
 





































































3.3.2 Naturally Fractured Reservoir with High Permeability 
 
As a continuation of the naturally fractured study a more detailed study of just the 
geomechanical effect on the natural fracture was designed. For the high permeability study, the 
permeability value determined (96228.85609 mD) from Sections 3.1 and 3.2 remained constant and 
the base case from Section 3.2 was utilized to investigate the influence of the geomechanical effect 
(NF) only on critical conductivity determination for hydraulic fractures. A list of the simulation 
properties can be found in Table 36. This evaluation is similar to Section 3.2 however the 
geomechanical effect (NF) was either applied or not applied to the natural fractures in the reservoir 
model. Each scenario was evaluated using the following conductivity values; 0.1, 0.5, 1, 5, 10, 50, 
100, 500, 1000, 2000, 4000, 6000, 8000, 10000, 20000, and 50,000 mD-ft. with either no effects 
(NF) or having the geomechanical effect (NF). Figure 62 shows an example of the cumulative gas 
production results for the base case that was used to determine the critical conductivity values for 
the natural fractured reservoir.  
Similarly to Section 3.3.1, in order to find critical conductivity for each parameter the 
production results from each conductivity value at 1, 5, 10, and 20 years were evaluated in a log-
log graph, and the fitting equation was found using a fourth order polynomial trendline at each 
time step. A critical conductivity value represented by 90% of the fitting equation divided by the 
cumulative gas value at 50,000 mD-ft. conductivity was then calculated and the results compared. 
Error! Reference source not found. and Figure 63 represent an example using the base case 
conditions with the geomechanical effect (NF) applied to illustrate how critical conductivity values 
were determined. For example, in Error! Reference source not found., at 1 year production the 
critical conductivity was found to be 930 mD-ft. This process was utilized and repeated for each 
time step for the geomechanical effect (NF) and no effect (NF). Table 38 highlights the critical 
conductivity and relative error results and is followed by its corresponding graphs Figure 64 and 
Figure 65.  
Based on the graphical result seen in Figure 62, Figure 64, and Figure 65 it is apparent that 
there is no difference in production and critical conductivity results when comparing the 
geomechanical effect (NF) vs no effect (NF). When considering the geomechanical effect (NF) the 
production is not affected at all and therefore would not cause any difference in production 
prediction and critical conductivity determination. These results suggest that for this naturally 
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fractured reservoir with high permeability the high conductivity associated with the high 
permeability and production would therefore behave like infinite conductivity. Therefore the 
relative conductivity of the natural fracture is higher than a value of 100 which characterizes the 
flow as infinitely conductive. Furthermore, this infinite conductivity creates a situation that would 
allow for the influences of the geomechanical effect (NF) to be ignored since there is no influence 
in production. Therefore, once again this study suggests that the natural fracture and 








Table 36: Simulation properties for base case 
 
 
Figure 62: Cumulative gas production values (ft3) of a naturally fractured reservoir with high permeability evaluated with 










































1 Year Production  Conductivity (mD‐ft.)  Cumulative Gas RC (ft3)  Log (Cond.)  Log (Prod.) 
   0.1  49977.85156  ‐1  4.698777583 
   0.5  221112.9844  ‐0.301029996  5.344614246 
   1  405348.5313  0  5.607828604 
   5  1460203.375  0.698970004  6.164413348 
   10  2260293.75  1  6.354164884 
   50  4779283  1.698970004  6.679362748 
   100  5987229  2  6.777225869 
   500  8350393.5  2.698970004  6.921706941 
   1000  9021889  3  6.955297479 
   2000  9489550  3.301029996  6.977245618 
   4000  9784209  3.602059991  6.990525721 
   6000  9913475  3.77815125  6.996225916 
   8000  9978803  3.903089987  6.999078449 
   10000  10012384  4  7.000537498 
   20000  10105846  4.301029996  7.004572676 
   50000  10177536  4.698970004  7.007642647 
Critical Conductivity  930  9161802.802  2.968482949  6.96198094 
%     90.01985158       
Table 37: Critical Conductivity determination from conductivity and production amounts at 1 year production 
 
 


































Figure 63: Critical conductivity determination plotting cumulative gas production and conductivity values for 1 year production 







1  930  940  1.075268817 
5  535  535  0 
10  515  515  0 
20  545  540  ‐0.917431193 
Table 38: Critical conductivity and relative error values for natural fracture with high permeability 
 
 






































































Throughout the production prediction and critical conductivity studies it became apparent 
that both the pore pressure and the confining pressures created effects that should not be ignored or 
else overestimation would occur. Furthermore, the role of the geomechanical effect from natural 
fractures has more of an impact than both the pore pressure effect and geomechanical effect  from 
the matrix do on the production prediction and critical conductivity study of the shale reservoir. 
Therefore this analysis on just the effects of the confining pressure in natural fracture on the critical 
conductivity results for naturally fractured reservoir with low and high permeability was determined 
to be significant. The key results indicated that the natural fracture geomechanical effect played a 
large role in the low permeability case, but not the high permeability due to the infinite conductive 
behavior of the natural fractures. Figure 66 & Figure 67 shows the production prediction results 
using the base case scenario and either having no natural fracture geomechanical effect or including 
the nature fracture geomechanical effect for both permeability scales. It can be seen that the high 
permeability case overly each other as the highest production value and the low permeability case 
varies significantly in production.  
Once the results for critical conductivity were determined the two cases can be seen 
compared in Figure 68 to have a similar effect. There is no critical conductivity difference with and 
without considering natural fracture geomechanical effect for the high nature fracture permeability 
case. In contrast, the geomechanical effect (NF) causes a large decrease in critical conductivity for 
the low natural fracture permeability case. Once again this discrepancy between high and low 
permeability can be visualized in Figure 69 as the relative difference for high permeability ranges 
from 0-1%, while the low permeability relative difference ranges from 135-255% error based on the 
geomechanical effect (NF) as the reference case. The observations can be explained by the infinite 
conductivity hypothesis. For the natural fracture high permeability case, the natural fracture 
conductivity is so high (9622.8 mD-ft.), even under the lowest pore pressure of 500 psi, it is still 
around 38 mD-ft. which is seen as infinite conductivity (relative conductivity=38mD-ft/ (700 
ft.*100nD) =549>100). Therefore for the high permeability case, relative conductivity ranges from 
approximately 549 to 137,468 which classifies it as infinitely conductive. For infinite conductive 
natural fracture systems, the magnitude of natural fracture conductivity does not influence the 
reservoir flow, because now the flowing threshold is from the matrix. So the confining pressure will 
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not impact the production and critical conductivity predictions. In comparison, for the low natural 
fracture permeability case, the natural fracture conductivity is 10,000 times lower than the high 
permeability case so the relative conductivity ranges from 0.05 to 13.7, which are less than 100 and 
cannot be seen as infinite conductive cases. So for the low natural fracture permeability case, the 
confining pressure (NF) has a significant influence on the production and critical conductivity 
predictions. Also, the large error seen in the low permeability case is much higher than the relative 
difference percentages found in the matrix analysis from Section 3.1 and 3.2. Therefore, 
geomechanical effect (NF) does indeed play a significant role in natural fractures that do not reach 
infinite conductivity.   
 
 





Figure 67: Cumulative gas production values (ft3) of a naturally fractured reservoir with low and high permeability evaluated 
with geomechanical effect and no effect over a twenty-year period 
 
 
Figure 68: Critical conductivity values for a naturally fractured reservoir with low and high permeability evaluated with 




















































































Figure 69: Relative difference (%) values for a naturally fractured reservoir with low and high permeability evaluated with 































3.4 Effects of Gas Slippage and Confining Pressure on Pumping Design 
 
3.4.1 Effects from Matrix 
 
Based on the results from Sections 3.1, 3.2, & 3.3 is can be concluded that if the pore pressure 
effect (matrix) and geomechanical effect (matrix & NF) are ignored than the consequence is 
overestimation of production prediction and critical conductivity. Such overestimation can lead to 
an over-design of the proppant pumping amount, causing early staging or screening-out. Based on 
this result further analysis of the overestimation operational costs are evaluated. In order to do so a 
few correlations were required. Figure 70 plots the estimated conductivity as a function of the areal 
proppant concentration for 20 mesh (0.853 mm) and 40 mesh (0.422 mm) sands. The figure 
illustrates that, above the monolayer, the conductivity increases with an increasing areal proppant 
concentration due to the increase of the proppant pack thickness (Gu, 2014).  
Based on this linear correlation an estimation of unnecessary proppant amounts can be made 
if the two matrix permeability effects are ignored for each parameter studied in Section 3.2 (BHP, 
fracture length, fracture half spacing).  Figure 71 represents the same data seen in Figure 70, for 
Mesh 40, and creates a trendline and equation to use from the linear correlation between the 
conductivity of the sand and the areal concentration. Based on this trendline the following equation 
can be determined: 
	 	 	 	 . 400 ∗ 	 	 ………(13) 
Equation 13 is further adjusted, assuming a factor of 0.1 to adjust the baseline conductivity to the 
actual in-situ field conductivity after considering proppant diagenesis. Figure 72 and Figure 73 
illustrate schematics of the length and height of the fracture as well as the total number of fractures 
estimated per well which will all be utilized for calculation of the areal concentration. Based on these 
figures the fracture height is 100 ft., the fracture length is 700 ft., and 30 fractures per well is 
estimated. Results for the proppant (lb.) difference can be seen in Table 39, Table 40, and Table 41 
which used the difference in critical conductivity amounts between both effects (matrix) and no 
effects (matrix) to calculate the excess amount for each reservoir condition. The sand cost averages 
$0.24/lb. Considering the extra cost of proppant laden fluid, pumping facility, and the human source, 
the sand cost can be bundled to be a value of $0.50/lb. Based on this proppant cost, the final result 





Figure 70: Conductivity of 20 mesh and 40 mesh sands under 4000 psi confining pressure (Gu, 2014) 
 
 
Figure 71: Linear correlation and trendline for estimated conductivity as a function of the areal proppant concentration 



































Figure 72: Schematic of fracture height and length 
 
 













   BHP  Fracture Length  Fracture Half Spacing 
   600 psi  800 psi   1000 psi  500 ft.  700 ft.  900 ft.  100 ft.  200 ft.  300 ft. 
1 yr.  3.15E+05  2.10E+05  1.58E+05  5.25E+04  1.58E+05  2.10E+05  5.25E+04  5.25E+04  1.58E+05 
5 yr.  1.58E+05  1.05E+05  1.05E+05  5.25E+04  1.05E+05  1.05E+05  5.25E+04  5.25E+04  1.05E+05 
10 yr.  1.58E+05  5.25E+04  5.25E+04  5.25E+04  5.25E+04  1.05E+05  5.25E+04  5.25E+04  5.25E+04 
20 yr.   1.05E+05  5.25E+04  5.25E+04  5.25E+04  5.25E+04  5.25E+04  2.63E+04  2.63E+04  5.25E+04 





   BHP  Fracture Length  Fracture Half Spacing 
   500 psi  800 psi   1000 psi  500 ft.  700 ft.  900 ft.  100 ft.  200 ft.  300 ft. 
1 yr.  2.63E+05  5.25E+04  2.63E+04  2.63E+05  2.63E+05  5.25E+05  2.63E+05  5.25E+05  2.63E+05 
5 yr.  2.63E+05  5.25E+04  2.63E+04  2.63E+05  2.63E+05  2.63E+05  5.25E+05  2.63E+05  2.63E+05 
10 yr.  2.63E+05  5.25E+04  2.63E+04  2.63E+05  2.63E+05  2.63E+05  5.25E+05  2.63E+05  2.63E+05 
20 yr.   2.63E+05  5.25E+04  2.10E+04  2.63E+05  2.63E+05  2.63E+05  5.25E+05  2.63E+05  2.63E+05 





   BHP  Fracture Length  Fracture Half Spacing 
   500 psi  800 psi   1000 psi  500 ft.  700 ft.  900 ft.  100 ft.  200 ft.  300 ft. 
1 yr.  5.25E+06  1.58E+06  7.88E+05  3.15E+06  4.20E+06  7.61E+06  1.05E+06  3.68E+06  5.25E+06 
5 yr.  4.46E+06  1.05E+06  5.25E+05  2.89E+06  4.46E+06  5.51E+06  2.36E+06  3.15E+06  4.46E+06 
10 yr.  5.78E+06  1.84E+06  1.05E+06  3.41E+06  5.78E+06  6.83E+06  3.15E+06  4.20E+06  5.78E+06 
20 yr.   6.30E+06  2.36E+06  1.05E+06  3.68E+06  6.30E+06  7.09E+06  3.68E+06  4.99E+06  6.30E+06 
















   BHP  Fracture Length  Fracture Half Spacing 
   600 psi  800 psi   1000 psi  500 ft.  700 ft.  900 ft.  100 ft.  200 ft.  300 ft. 
1 yr.  1.58E+05  1.05E+05  7.88E+04  2.63E+04  7.88E+04  1.05E+05  2.63E+04  2.63E+04  7.88E+04 
5 yr.  7.88E+04  5.25E+04  5.25E+04  2.63E+04  5.25E+04  5.25E+04  2.63E+04  2.63E+04  5.25E+04 
10 yr.  7.88E+04  2.63E+04  2.63E+04  2.63E+04  2.63E+04  5.25E+04  2.63E+04  2.63E+04  2.63E+04 
20 yr.   5.25E+04  2.63E+04  2.63E+04  2.63E+04  2.63E+04  2.63E+04  1.31E+04  1.31E+04  2.63E+04 





   BHP  Fracture Length  Fracture Half Spacing 
   500 psi  800 psi   1000 psi  500 ft.  700 ft.  900 ft.  100 ft.  200 ft.  300 ft. 
1 yr.  1.31E+05  2.63E+04  1.31E+04  1.31E+05  1.31E+05  2.63E+05  1.31E+05  2.63E+05  1.31E+05 
5 yr.  1.31E+05  2.63E+04  1.31E+04  1.31E+05  1.31E+05  1.31E+05  2.63E+05  1.31E+05  1.31E+05 
10 yr.  1.31E+05  2.63E+04  1.31E+04  1.31E+05  1.31E+05  1.31E+05  2.63E+05  1.31E+05  1.31E+05 
20 yr.   1.31E+05  2.63E+04  1.05E+04  1.31E+05  1.31E+05  1.31E+05  2.63E+05  1.31E+05  1.31E+05 





   BHP  Fracture Length  Fracture Half Spacing 
   500 psi  800 psi   1000 psi  500 ft.  700 ft.  900 ft.  100 ft.  200 ft.  300 ft. 
1 yr.  2.63E+06  7.88E+05  3.94E+05  1.58E+06  2.10E+06  3.81E+06  5.25E+05  1.84E+06  2.63E+06 
5 yr.  2.23E+06  5.25E+05  2.63E+05  1.44E+06  2.23E+06  2.76E+06  1.18E+06  1.58E+06  2.23E+06 
10 yr.  2.89E+06  9.19E+05  5.25E+05  1.71E+06  2.89E+06  3.41E+06  1.58E+06  2.10E+06  2.89E+06 
20 yr.   3.15E+06  1.18E+06  5.25E+05  1.84E+06  3.15E+06  3.54E+06  1.84E+06  2.49E+06  3.15E+06 










Figure 74: Pumping money ($) amount per well for non-naturally fractured reservoir 
 
 




















































































































































3.4.2 Effects from Natural Fractures 
 
Based on the results from Sections 3.1, 3.2, & 3.3 it can be concluded that if the pore 
pressure effect (matrix) and geomechanical effect (matrix & NF) are ignored than the consequence 
is overestimation of production prediction and critical conductivity. Such overestimation can lead 
to an over-design of the proppant pumping amount, causing early staging or screening-out. Based 
on this result further analysis of the overestimation operational costs are evaluated. In this section 
the geomechanical effect on natural fractures is evaluated using the same process described in 
Section 3.4.1. Based on Section 3.3, only one base case was used for analysis and the relative 
difference was referenced using application of the geomechanical effect (NF) as the base case. 
Therefore this analysis is a continuation from Section 3.3 and only based on the simulation having 
no effects (NF) or applying the geomechanical effect to the natural fractures with low permeability. 
The high permeability case was not analyzed since the infinite conductivity does not result with 
any difference in production or influence from the geomechanical effect. The results of the 
pumping (lb.) difference per well can be found in Table 45, and the corresponding pumping money 
($) at $0.50/lb. can be found in Table 46 and Figure 77, which are a result of overestimation by 





















Figure 77: Pumping money ($) amount per well for naturally fractured reservoir with low permeability showing influence of the 
geomechanical effect 











































The results found in Section 3.4 support the overestimation trend and further analyze the 
economic cost of such excessive proppant used in pumping strategies. Specifically only the natural 
fractures with low permeability was utilized for this economic analysis since it was determined in 
Section 3.4.1 that the high permeability scenario shows no influence from either of the effects due 
to its classification reaching infinite conductivity. It is apparent that this consequence of ignoring the 
pore pressure (matrix) and geomechanical effect (matrix & NF) results in very large amount of 
money essentially being wasted and prove no extra benefit to the well performance. Figure 74, Figure 
75, Figure 76, and Figure 77 depict the money associated with each of the reservoir cases, but Figure 
76 shows the clearest trend comparing the pumping design effects. Figure 78 compares the maximum 
overestimated costs for all four of the study scenarios; 1) ignoring two matrix effects for non-natural 
fracture shale, 2) ignoring two matrix effects for natural fracture shale with low perm, 3) ignoring 
two matrix effects for natural fracture shale with high perm, and 4) ignoring geomechanical effect 
for natural fracture shale with low perm. Based on the nine parametric studies for each scenario, in 
conclusion, the overestimation cost is from $26,250 – $157,500 to $13,125 - $52,500 for non-
naturally fractured case, from $13,125 - $262,500 to $10,500 - $262,500 for naturally fractured 
reservoir with low natural fracture permeability, and from $393,750 – $3,806,250 to $525,000 - 
$3,543,750 for naturally fractured reservoir with high natural fracture permeability based on 1 year 
to 20 years. And lastly, the nature fracture confining effect on proppant pumping cost ranges from 
$9,450,000 to $6,037,500 dollars from optimization design based on 1 year to 20 years. Given these 
results it is also evident that even though there are excess costs for scenarios 1 & 2, they are negligible 
when compared to scenarios 3 & 4. Once again highlighting the key influence of the geomechanical 
natural fracture effect.  
Based on the results from Sections 3.2.1, 3.2.2, and 3.2.3 the same trend is seen for the 
relative difference percentage graphs. The repeated trend that overestimation of the critical 
conductivity increases slightly with time. Accordingly, the pore pressure effect (matrix) and 
geomechanical effect (matrix & NF) are more significant for long-term production and would 
support the idea that a base design for fracturing treatment be implemented for the long term analysis. 
Therefore, according to these results it is apparent that critical conductivity is therefore related to 
pumping design. In other words it is significant to determine critical conductivity and proper 
proppant amounts for optimum hydraulic fracturing treatment. If the pore pressure effect (matrix) 
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and geomechanical effect (matrix & NF) are not considered these design parameters will be 
overestimated and ROFI influenced negatively from excess proppant expenses. 
 
  


















































Chapter 4 – Conclusions 
 
The following key results and discussions were found throughout this study: 
 
o It is observed that pore pressure has significant impacts on gas flow in the matrix, while 
geomechanics (pore confinement) have significant impacts on gas flow in the matrix and 
natural fractures. 
o In this study, we perform a comprehensive parametric study by running reservoir simulations 
using empirical permeability correlations developed by means of steady-state permeability 
data obtained under varying stress and pore pressure conditions. 
o Results for this study shows that the gas slippage effect appears to play a significant role at 
lower pore pressures, and the geomechanical effect is significant throughout all pressure 
levels for the Marcellus Shale sample. 
o The case study illustrates that that natural fracture confining pressure effect is more 
significant than the matrix pore pressure effect and matrix geomechanical effect. Therefore, 
for low permeability shale reservoirs (with an intrinsic permeability as low as 100 nD), the 
lab characterization of the natural fracture confining effect (natural fracture conductivity as 
a function of effective confining stress) should be crucial for accurate reservoir production 
and modeling. 
o Furthermore, based on this matrix permeability study it can be presumed that by increasing 
the matrix perm 5 to 10 times would directly increase the influence of overestimation by a 
similar amount. Therefore this study is highly dependent on the lab characterization from the 
PPAL experimental data.  
o This work flow could be utilized for other lab core data. 
 
Production Prediction Study: 
o Based on these results it is apparent that production would be overestimated without the 
influence of both effects (matrix), but primarily the geomechanical effect (matrix). 
o Such overestimation can lead to an over-design of the proppant pumping amount, causing 
early staging or screening-out. 
o For non-naturally fractured reservoir, when no effects (matrix) are considered the 
cumulative gas production amount is overestimated 12 to 13.2% from 1 to 20 year study 
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o If only the pore pressure effect (matrix) is considered, gas production is overestimated 12.7 
to 14% from 1 to 20 year study 
o If only the geomechanical effect (matrix) is considered gas production is underestimated 0.5 
to 0.6% from 1 to 20 year study 
o This study also emphasizes that without applying the Langmuir desorption effect the 
cumulative gas production for both effects would be underestimated by approximately 19.5% 
after 20 years 
o For naturally fractured reservoir with low permeability, when no effects (matrix) are 
considered the cumulative gas production amount is overestimated 3.6 to 3.4% from 1 to 20 
year study 
o If no effects (matrix) and no confining pressure on the nature fracture is considered gas 
production is overestimated from 232.2 to 91.3% from 1 to 20 year study 
o If only the pore pressure effect (matrix) is considered, gas production is overestimated 4 to 
3.8% from 1 to 20 year study 
o If only the geomechanical effect (matrix) is considered gas production is underestimated 
0.3% from 1 to 20 year study 
o For naturally fractured reservoir with high permeability, when no effects (matrix) are 
considered the cumulative gas production amount is overestimated 8.9 to 1.9% from 1 to 20 
year study 
o If no effects (matrix) and no confining pressure on the nature fracture is considered gas 
production is overestimated from 9.8 to 2.0% from 1 to 20 year study 
o If only the pore pressure effect (matrix) is considered, gas production is overestimated 9.9 to 
2.3% from 1 to 20 year study 
o If only the geomechanical effect (matrix) is considered gas production is underestimated 0.9 
to 0.5% from 1 to 20 year study 
o If we exclude the no effects (matrix) and no NF confining pressure case for simplicity, the 
non-naturally fractured reservoir has a max relative difference of about 14% for the pore 
pressure only effect and the trend continues to increase. On the other hand, the naturally 
fractured reservoir with low permeability reaches a max relative difference of about 5% and 
the high permeability case peaks out at around 10% for the same case.  Therefore it was 
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unexpected to find that the naturally fractured reservoir with low permeability has the lowest 
error, especially with comparison to the non-naturally fractured reservoir. 
o The naturally fractured reservoir with low permeability resulted with the lowest relative 
difference to possible in-situ reservoir conditions. Therefore more analysis of the natural 
fracture influence and primarily the geomechanical effect should be considered. 
o The results indicated that the natural fracture geomechanical effect played a large role in 
the low permeability case, but not the high permeability due to the infinite conductive 
behavior of the natural fractures. 
 
Critical Conductivity Determination Study: 
o When the results for the permeability effects were plotted for different reservoir scenarios in 
combination of various BHP, fracture length, and fracture half spacing the relative difference 
between the predicted critical conductivity considering and not considering the matrix 
permeability effects are significant.  
o There is a distinct similar trend indicating a drop in critical conductivity values over the 
twenty-year time period for all three parameters (BHP, fracture length, fracture half spacing), 
most significantly during the first five years of production.  
o However BHP critical conductivity values decrease as the parameter values increase, while 
the opposite occurs for both fracture length and fracture half spacing.  
o All three parameters show a similar result where the critical conductivity value is lower for 
both effects in comparison with no effects. 
o The relative error results for all three parameters (BHP, fracture length, fracture half spacing) 
illustrate the overlying trend that overestimation of the critical conductivity increases slightly 
with time. 
o For non-naturally fractured reservoir, the conductivity can be overestimated by 5.3 to 
20% for different frac lengths, 5.3 to 33.3% for frac half spacings, and 6.7 to 15.4% for BHPs 
over the twenty-year period.  
o For naturally fractured reservoir with low permeability, the conductivity can be 
overestimated by 2.1 to 8.3% for different frac lengths, 2.1 to 12.5% for frac half spacings, 
and 1.0 to 5.6% for BHPs over the twenty-year period. 
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o For naturally fractured reservoir with high permeability, the conductivity can be 
overestimated by 9.3 to 22% for different frac lengths, 5.2 to 26.4% for frac half spacings, 
and 7.1 to 22% for BHPs over the twenty-year period. 
o Based on the nine parametric studies for each scenario, in conclusion, the relative 
overestimation error is from 5-13% to 8-20% for non-naturally fractured case, from 1-5% 
to 2-12% for naturally fractured reservoir with low natural fracture permeability, and 
from 5-11% to 15-26% for naturally fractured reservoir with high natural fracture 
permeability. 
o The degree of overestimation is the highest in the naturally fractured reservoir with high 
permeability among the three scenarios and the slope of relative difference is steepest 
showing a strong correlation between increasing relative difference and production time. 
o Also, the naturally fractured reservoir with low permeability once again resulted with the 
lowest overall degree of relative difference percentage. This strengthens the conclusion that 
the geomechanical effect seen in naturally fractured reservoirs requires more analysis and 
may have more of an influence than both effects seen in the matrix as seen in the production 
prediction results 
 
Geomechanical Study in Natural Fracture: 
o When considering the geomechanical effect (NF) the production is effected negatively and 
therefore would cause an overestimation of production and critical conductivity 
determination.  
o These results are a continuation of the influence of the geomechanical effect (NF) with 
overestimation from the previous studies. However, when evaluating the relative error for 
low permeability natural fracture the percentages are much higher (averaging 250% 
overestimation at the end of the twenty-year study period). These results signify the high 
influence of the geomechanical effect (NF) and the upward trend relates the increasing 
difference over time.  
o In comparison to the previous matrix studies, this large error difference suggests more 
influence from the geomechanical effect (NF) is located in the natural fractures. Therefore, 
once again this study suggests that the natural fracture and geomechanical effect (NF) has a 
higher impact than both effects do in the matrix.  
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o Another key results indicated that the natural fracture geomechanical effect played a large 
role in the low permeability case (153-255% overestimation), but not the high permeability 
case (0-1% overestimation) due to the infinite conductive behavior of the natural fractures. 
Pumping Design Economic Analysis Study: 
o It is apparent that this consequence of ignoring the pore pressure effect (matrix) and 
geomechanical effect (matrix & NF) results in very large amount of money essentially 
being wasted and prove no extra benefit to the well performance. More specifically though, 
the geomechanical effect (NF) resulted with the highest excess costs. The pore pressure 
effect and geomechanical effect in the matrix was mostly negligible in comparison to the 
geomechanical effect in the natural fractures.  
o Therefore, according to these results it is apparent that critical conductivity is therefore 
related to pumping design. In other words it is significant to determine critical conductivity 
and proper proppant amounts for optimum hydraulic fracturing treatment.  
o Based on the nine parametric studies for each scenario, in conclusion, the relative 
overestimation cost is from $26,250 – $157,500 to $13,125 - $52,500 for non-naturally 
fractured case, from $13,125 - $262,500 to $10,500 - $262,500 for naturally fractured 
reservoir with low natural fracture permeability, and from $393,750 – $3,806,250 to 
$525,000 - $3,543,750 for naturally fractured reservoir with high natural fracture 
permeability based on 1 year to 20 years. And lastly, the nature fracture confining effect on 
proppant pumping cost ranges from $9,450,000 to $6,037,500 dollars from optimization 
design based on 1 year to 20 years. 
 
Future Work Suggestions: 
o Based on this matrix permeability study it can be presumed that by increasing the matrix 
perm 5 to 10 times would directly increase the influence of overestimation by a similar 
amount. Therefore this study is highly dependent on the lab characterization from the PPAL 
experimental data. In order to make a more comprehensive study, more core plugs with 
higher intrinsic permeability are suggest to be studied in the PPAL, and this work flow could 
be utilized through our modeling as we expect to see higher pore pressure effect and 
geomechanical effect for higher permeable shale matrices.  
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o It is suggested to also perform this workflow for a natural fracture permeability scale in closer 
reference to the Marcellus shale.  
o It is also suggested to conduct similar flowing tests for naturally fractured core plugs in PPAL 
to quantify the confining pressure effect on natural fracture flowing conductivity. 
o Lastly, it is suggested to consider the effect of anisotropy of in-situ stresses on reservoir fluid 
flow and critical conductivity evaluation by conducting similar PPAL tests in a tri-axial core 







Ambrose, R. J., Hartman, R. C., Diaz-Campos, M., Akkutlu, I. Y., & Sondergeld, C. H. (2010). New 
Pore-scale Considerations for Shale Gas in Place Calculations. SPE Unconventional Gas 
Conference (pp. 1-17). Pittsburgh: Society of Petroleum Engineers. 
Barenblatt, G., Zheltov, I., & Kochina, I. (1960). Basic Concepts in the Theory of Seepage of 
Homogeneous Liquids in Fissured Rocks . J Appl Math Mech, 1286-1303. 
Brannon, H., & Starks II, T. (2008). The Impact of Effective Fracture Area and Conductivity on Fracture 
Deliverability and Stimulation Value. SPE Annual Technical Conference and Exhibition (pp. 21-
24). Denver, Colorado: Society of Petroleum Engineers. 
Cipolla, C., Lolon, E., Erdle, J., & and Rubin, B. (2009a). Reservoir Modeling in Shale-Gas Reservoirs. 
SPE Regional Meeting (pp. 23-25). Charleston: Society of Petroleum Engineers. 
Cipolla, C., Warpinski, N., Mayerhofer, M., Lolon, E., & and Vincent, M. (2008). The Relationship 
Between Fracture Complexity, Reservoir Properties, and Fracture-Treatment Design. SPE Annual 
Technical Conference and Exhibition (pp. 21-24). Denver: Society of Petroleum Engineers. 
Cohen, C., C., A., Weng, X., England, K., Phatak, A., Kresse, O., . . . Abivin, P. (2013). Optimum Fluid 
and Proppant Selection for Hydraulic Fracturing in Shale Gas Reservoirs: a Parametric Study 
Based on Fracturing-to-Production Simulations. SPE Hydraulic Fracturing Technology 
Conference (p. 18). The Woodlands: Society of Petroleum Engineers. 
Dong, J.-J., Hsu, J.-Y., Wu, W.-J., Shimamoto, T., Hung, J.-H., Yeh, E.-C., . . . Sone, H. (2010). Stress-
dependence of the permeability and porosity of sandstone and shale from TCDP Hole-A. 
International Journal of Rock Mechanics & Mining Sciences, 1141-1157. 
Evans, R. D., & Civan, F. (1994). Characterization of Non-Darcy Multiphase Flow In Petroleum Bearing 
Formations. Norman: University of Oklahoma. 
Fathi, E., Tinni, A., & Akkutlu, Y. (2012). Shale Gas Correction to Klinkenberg Slip Theory. Americas 
Unconventional Resources Conference (p. 15). Pittsburgh: Society of Petroleum Engineers. 
Gu, M. (2013). Shale Fracturing Enhancement by Using Polymer-Free Foams and Ultra-Light Weight 
Proppants. Austin: The University of Texas at Austin. 
Gu, M., & Mohanty, K. (2014). Effect of Foam Quality on Effectiveness of Hydraulic Fracturing in 
Shales. International Journal of Rock Mechanics and Mining Sciences, 273-285. 
Gu, M., Kulkarni, P., Rafiee, M., & Ivarrud, E. (2014). Understanding the Optimum Fracture 
Conductivity for Naturally Fractured Shale and Tight Reservoirs. SPE/CSUR Unconventional 
Resources Conference (p. 18). Calgary: Society of Petroleum Engineers. 
Hamid, O. (2015). Completion Optimization for Unconventional Reservoir. SPE Middle East Oil & Gas 
Show (p. 15). Manama: Society of Petroleum Engineers. 
Hanania. (2017, May 1). Conventional vs Unconventional Resource. 
Hubbert, M., & Willis, D. (1957). Mechanics of Hydraulic Fracturing. Society of Petroleum Engineers. 
104 
 
Jacot, R. H., Bazan, L. W., & Meyer, B. R. (2010). Technology Integration - A Methodology to Enhance 
Production and Maximize Economics in Horizontal Marcellus Shale Wells. SPE Annual 
Technical Conference and Exhibition (p. 28). Florence: Society of Petroleum Engineers. 
Jaripatke, O., Samandarli, O., McDonald, B., & Richmond, &. P. (2014). Completion Optimization of an 
Unconventional Shale Play: Implementation of a Successful Completion Design Optimization 
Plan and the Results. SPE Annual Technical Conference (p. 13). Amsterdam: Society of 
Petroleum Engineers. 
Jin, C. (2013). A Production Optimization Approach to Completion and Fracture Spacing Optimization 
for Unconventional Shale Oil Exploration. Unconventional Resources Technology Conference (p. 
12). Denver: Society of Petroleum Engineers. 
Klinkenberg, L. (1941). The Permeability of Porous Media to Liquids and Gases. 11th mid-year meeting 
(pp. 200-213). Tulsa: API Drilling and Production Practices. 
Langmuir, I. (1918). The Adsorption of Gases on Plane Surfaces of Glass, Mica, and Platinum. Journal of 
the American Chemical Society, 1361-1403. 
Lee, K., & Kim, T. (2016). Integrative Understanding of Shale Gas Reservoirs. SpringerBriefs in Applied 
Sciences and Technology, 21-41. 
Liu, Y. (2006). Settling and Hydrodynamic Retardation of Proppants in Hydraulic Fractures. University 
of Texas of Austin. 
Mayerhofer, M., Lolon, E., Youngblood, J., & Heinze, J. (2006). Integration of Microseismic Fracture 
Mapping Results with Numerical Fracture Network Production Modeling in the Barnett Shale. 
SPE Annual Technical Conference and Exhibition (pp. 1-8). San Antonio: Society of Petroleum 
Engineers. 
Miskimins, J. (2008). Design and Life Cycle Considerations for Unconventional Reservoir Wells. 2008 
SPE Unconventional Reservoirs Conference (pp. 10-12). Keystone: Society of Petroleum 
Engineers. 
Neuhaus, C. W., Williams-Stroud, S., Remington, C., Barker, W. B., Blair, K., Neshyba, G., & McCay, 
T. (2012). Integrated Microseismic Monitoring for Field Optimization in the Marcellus Shale - A 
Case Study. SPE Canadian Unconventional Resources Conference (p. 16). Calgary: Society of 
Petroleum Engineers. 
Roy, S., Raju, R., Chuang, H. F., Cruden, B. A., & Meyyappan, M. (2003). Modeling gas flow through 
microchannels and nanopores. Journal of Applied Physics, 4870-4879. 
Sampath, K., & Keighin, C. W. (1982). Factors Affecting Gas Slippage in Tight Sandstones of 
Cretaceous Age in the Uinta Basin. Journal of Petroleum Technology, 2715-2720. 
Snyder, D. J., Seale, R., & Hollingsworth, R. (2010). Optimization of Completions in Unconventional 
Reservoirs for Ultimate Recovery. SPE Latin American & Caribbean Petroleum Engineering 
Conference (p. 13). Lima: Society of Petroleum Engineers. 




Sondergled, C., Newsahm, K., Comisky, J., Rice, M., & Rai, C. (2010). Petrophysical Considerations in 
Evaluating and Producing Shale Gas Resources. SPE Unconventional Gas Conference (p. 34). 
Pittsburgh: Society of Petroleum Engineers. 
Taylor, S. (2015). Quarterly Research Performance Progress Report. Morgantown: WVU Research 
Corporation. 
Thompson, J., M'Angha, V. O., & Anderson, D. (2011). Advancements in Shale Gas Production 
Forecasting - A Marcellus Case Study. SPE Americas Unconventional Gas Conference and 
Exhibition (p. 12). The Woodlands: Society of Petroleum Engineers. 
Tinni, A., Fathi, E., Agarwal, R., Sondergeld, C., Akkutlu, Y., & Rai, C. (2012). Shale Permeability 
Measurements on Plugs and Crushed Samples. SPE Canadian Unconventional Resources 
Conference (p. 14). Calgary: Society of Petroleum Engineers. 
U.S. Energy Information Administration (EIA). (2017, May 1). Retrieved from U.S. Energy Information 
Administration - EIA - Independent Statistics and Analysis. 
Vincent, M. (2011). Optimizing Transverse Fractures in Liquid-Rich Formations. SPE Annual Technical 
Conference and Exhibition (p. 16). Denver: Society of Petroleum Engineers. 
Warpinski, N., Mayerhofer, M., Vincent, M., Cipolla, C., & Lolon, E. (2008). Stimulating 
Unconventional Reservoirs: Maximizing Network Growth while Optimizing Fracture 
Conductivity. SPE Unconventional Reservoirs Conference (pp. 1-19). Keystone: Society of 
Petroleum Engineers. 
Warpinski, N., Mayerhoffer, M., Vincent, M., Cipolla, C., & Lolon, E. (2009). Stimulating 
Unconventional Reservoirs: Maximizing Network Growth While Optimizing Fracture 
Conductivity. JCPT, 39-51. 
Yost, E. (2016). A Decision Analysis Framework for Estimating the Potential Hazards for Drinking 
Water Resources of Chemicals Used in Hydraulic Fracturing Fluids. Science of Total 
Environment, 1544-1558. 
Yu, W., & Sepehrnoori, K. (2013). Simulation of Gas Desorption and Geomechanics Effects for 
Unconventional Gas Reservoirs. SPE Western Regional & AAPG Pacific Section Meeting (pp. 1-
15). Monterey: Society of Petroleum Engineers. 
Yu, W., Sepehrnoori, K., & Patzek, T. W. (2016). Modeling Gas Adsorption in Marcellus Shale With 
Langmuir and BET Isotherms. Society of Petroleum Engineers, 12. 
Zamirian, M. (2015). New Experimental Approach to Measure Petrophysical Properties of Organic-Rich 
Shales. Ann Arbor: ProQuest. 
Zamirian, M., Aminian, K., & Ameri, S. (2015). Measurement of Key Shale Petrophysical Properties. 
SPE Annual Technical Conference and Exhibition (p. 11). Houston: Society of Petroleum 
Engineers. 
Zamirian, M., Aminian, K., Fathi, E., & Ameri, S. (2014). A Fast and Robust Technique for Accurate 
Measurements of the Organic-rich Shales Characteristics under Steady-State Conditions. SPE 
Eastern Regional Meeting (p. 11). Charleston: Society of Petroleum Engineers. 
106 
 
Zamirian, M., Aminian, K., Ameri, S., & Fathi, E. (2014). New Steady-State Technique for Measuring 
Shale Core Plug Permeability. SPE/CSUR Unconventional Resources Conference (p. 11). 
Calgary: Society of Petroleum Engineers. 
Zhang, J., Kamenov, A., Zhu, D., & Hill, A. (2015). Measurement of realistic fracture conductivity in the 
Barnett Shale. Journal of Unconventional Oil and Gas Resources, 44-52. 
 
